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Abstract

:

The evaluation of water-alternating-gas (WAG) efficiency and profitability is complicated by a large number of reservoir, operating, and economic parameters and constraints. This study aims at understanding the influence of the oil composition on different WAG injections. By employing compositional reservoir modeling and the Monte Carlo method to characterize the diversity of oils occurring in nature, we simulate the microscopic displacement efficiency of CO2 flooding when it is applied to both light- and heavy-oil reservoirs. We find that the economic performance of WAG in both miscible and immiscible scenarios is mainly characterized by the dimensionless injection rate and the oil density at surface conditions. Neither the bubble point pressure nor the minimum miscibility pressure can be used for the quantification of the optimal WAG parameters. We present our estimates of the best strategies for the miscible and immiscible injections and verify some of our previous results for randomly sampled oils. In particular, we demonstrate that CO2 flooding is better to apply at higher-dimensionless injection rates. We show that the injection of CO2 organized at a light-oil reservoir results in a higher profitability of WAG, although this comes at the cost of lower carbon storage efficiency.
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1. Introduction


The Carbon Capture, Utilization, and Storage (CCUS) in depleted petroleum reservoirs is often regarded as a robust method for mitigating climate change [1,2,3]. It involves the injection of greenhouse gases, especially anthropogenic CO2, into the subsurface for the purpose of sequestration and the emission reductions. Millions of tons of CO2 can therefore be stored in specific reservoirs, which is of great importance to large economies aiming at carbon neutrality [4,5]. Besides solving the environmental problem, the injection of CO2 can be also utilized with additional benefits of enhanced oil recovery (EOR). It can be applied at the late stages of a field development to increase production from depleted reservoirs [6,7,8,9,10]. If oil recovery is considered a primary goal, then the economic evaluation of the involved processes is also relevant given that the cost of the CO2 injection is several times larger than that of water. The economic model of the CO2 flooding is necessary to maximize its profitability and optimize the field operations [11,12].



CO2 flooding can be a robust method that results in a substantial increase in oil recovery because CO2 is a good solvent [13,14]. A large volume of CO2 can be dissolved in residual oil, causing its swelling, a viscosity reduction, and wettability alteration. The injection of CO2 thus improves oil recovery by miscibility. Therefore, oil composition can play a substantial role in CO2–EOR performance because it greatly influences the miscibility and exchange of components between the gas and oil phases [6,15,16,17]. Certainly, miscibility is just a relevant phenomenon among others influencing CO2-EOR efficiency that, for instance, can further be improved by the foaming agents [18].



There are several distinct methods of CO2 flooding. The huff and puff process [19,20], the CO2 foam injection [21,22], and the water-alternating-gas (WAG) injection [16,23,24,25] method are among the most well known. The latter approach is based on alternating periods of continuous water and gas injection through one group of wells and the oil extraction through another group of wells. The performance of WAG depends on many factors, and the noted role of the oil composition is just one of them. The CO2 injection can be compromised by a poor sweep efficiency   E s   that is often estimated by


   E s  =  E d   E v   E a  ,  



(1)




where   E d  ,   E v  , and   E a   are the microscopic displacement efficiency, the volumetric sweep efficiency, and the areal sweep efficiencies, respectively [26,27]. The efficiency of WAG can be compromised by low   E v   and   E a   due to the gravity override and channeling that causes an early breakthrough of injected gas to the producing wells [6,15,22,28,29]. Thus,   E v   and   E a   are mainly controlled by the reservoir heterogeneity and the wells spacing [25,30,31]. The influence of the oil composition and the miscibility effects, on the contrary, are mostly controlled by the quantity   E d  . The minimum miscibility pressure (MMP) is widely acknowledged as a relevant parameter influencing   E d   [32]. It is generally desirable to implement miscible CO2 flooding, i.e., at a reservoir pressure larger than MMP, rather than immiscible flooding. The compositional modeling is widely employed to estimate   E d  ,   E v  , and   E a   [16,28,29,33,34], whereas   E d   can also be evaluated in the slim-tube experiments [35,36,37,38,39,40].



In this study, we want to revisit the problem of CO2–EOR performance by presenting our results on the role of the oil composition. Previously, we have proposed a concept of the dimensionless injection rate  Ω  characterizing both the physical rate of the fluid injection and some economic parameters [34]. This quantity allows for an easy scaling of the estimated performance of WAG from the laboratory up to the reservoir scale. The concept was validated against a fixed oil composition consisting of just three components CH4, C6, and C16 [34]. As such, its applicability to more realistic light and heavy oils in both miscible and immiscible injections remains questionable. We now aim at presenting a more general result showing that the concept, albeit with some corrections, is also working for various light, medium, and heavy oils. In particular, we want to demonstrate that the performance of any WAG injection strategy in terms of   E d   is characterized by  Ω  and the density of oil at surface conditions, whereas other parameters, e.g., the bubble point pressure or the presence of various hydrocarbon groups, are much less relevant.



This article is organized as follows. In Section 2, we present the 1-D problem, which is similar to a slim-tube experiment for estimating   E d  . In Section 3, we give an overview of the governing equations employed in the compositional modeling of WAG and the economic estimates of its profitability. In Section 4, we discuss our method of analysis based on the Monte Carlo sampling of   E d   for random oil compositions. In Section 5, we present the results of our reservoir simulations for various injection rates  Ω  and oil compositions. We end the article with a discussion and conclusions. In Appendix A, we show that the results of our 1-D study are useful in estimating the WAG efficiency in a more complicated 3-D scenario.



Within the context of the field applications, we show that implementing CO2–EOR at a reservoir of more light oil can generally increase the oil recovery efficiency but at a cost of larger volumes of CO2 being extracted back to the surface with the produced oil.




2. Problem Statement


2.1. Overview


We consider a 1-D study of the three-phase, oil–water–gas flow similar to that in a slim-tube experiment [18,36,37,38,40,41]. The domain   x ∈ [ 0 , L ]   is filled with a uniform porous medium of a given porosity  ϕ  and permeability k (Figure 1). At the initial moment of time,   t = 0  , it is saturated with oil at the connate water saturation. The reservoir temperature T is assumed fixed at 60 °C. Either water or CO2 is injected into the reservoir through its boundary   x = 0  . The periods and volumes of the injected fluids are discussed below. The opposite boundary of the domain,   x = L  , is opened so that the fluid can be drained out of the plug as the result of injection. The initial reservoir pressure,    P 0  = 250   bar, is kept constant at that boundary. The injection through the boundary,   x = 0  , causes the fluid flow to evolve in the direction of axis x. The oil is displaced to the boundary   x = L   by the injected water and gas. At some point in time, water and gas breakthrough to   x = L   and are withdrawn out of the reservoir. We generally are interested in finding the best injection strategy that, in some sense, can maximize the profit of the oil recovery. As such, we aim at maximizing the economic performance of WAG.




2.2. Oil Composition


We simulated the original reservoir oil as a fluid composed of six groups of hydrocarbons named C1, C3, C5, C10, C20, and C40 (Figure 2). The C1 and C3 components are methane (CH4) and propane (C3H8). They correspond to the dry and wet gas components dissolved in oil, respectively. They are gases at the standard conditions. Group C5 corresponds to the gas condensate, which, at boiling temperature at the atmospheric pressure   P  atm   , is low but just above the standard temperature (≈310 K) [42]. If the temperature increases above that value, then the C5 component evaporates at   P =  P  atm    . The other three components C10, C20, and C40 model the groups of light, medium, and heavy liquid hydrocarbons, of which the boiling temperatures are near 439 K, 611 K, and 795 K, respectively. The fluid is simulated using the corrected Peng-Robinson equation of state with the volume shift [43,44], and the noted groups Ci were assumed to be the normal alkanes CiH2i+2. Certainly, using other alkanes of similar molecular weight as a substitute for C10, C20, and C40 will not influence further conclusions.



The injection of CO2 causes the gas to mix with the original reservoir oil (Figure 2). Therefore, we employed the seven-component compositional simulations of WAG, where the first fluid component was CO2 and the other six components were the listed hydrocarbon groups [45]. They are numbered from the second to the seventh components of the fluid. We assumed that CO2 was absent in the original reservoir oil. Its bulk molar concentration, thus, was zero at   t = 0  , i.e.,    z  ( 1 )   = 0  .



Unless otherwise stated, we fixed the bulk molar concentrations of the C1, C3, and C5 components in the original oil at    z  ( 2 )   = 0.35  ,    z  ( 3 )   = 0.05  , and    z  ( 4 )   = 0.1  , respectively. Thus, the bulk concentrations of the three remaining components must sum up to 0.5, i.e.,


   z  ( 5 )   +  z  ( 6 )   +  z  ( 7 )   = 0.5 .  



(2)




We considered different reservoir oils by varying    z  ( 5 )   ,  z  ( 6 )    , and   z  ( 7 )    in a way that Equation (2) was satisfied. If we specify a larger   z  ( 5 )   , and so, a lower   z  ( 7 )   , then we can obtain an oil of lower density. On the contrary, if we specify a larger concentration of C40 (i.e.,   z  ( 7 )    is larger), then we obtain a heavier oil.



We further employed the concept of random sampling and the Monte Carlo method to evaluate the influence of the oil composition on the efficiency of CO2 flooding. We took three random quantities,   ξ  ( 5 )   ,   ξ  ( 6 )   , and   ξ  ( 7 )   , with the uniform distribution in the range from zero to one (  0 ≤  ξ  ( i )   ≤ 1  ,   i = 5 , 6 , 7  ). Then, for every set of random numbers   ξ  ( i )   , we calculated   z  ( i )    using the relation


   z  ( i )   = 0.5   ξ  ( i )     ξ  ( 5 )   +  ξ  ( 6 )   +  ξ  ( 7 )     ,  i = 5 , 6 , 7 .  



(3)




According to the definition in Equation (3), the relation in Equation (2) holds. Thus, we can obtain various reservoir fluids, including light and heavy oils, by randomly changing   ξ  ( i )   .




2.3. Injection Strategies


We aimed at considering and comparing different injection strategies characterized by different periods of CO2 and water injection. We assumed, in this study, that the volume injection rate Q was constant, and it was measured under the initial reservoir pressure   P 0  . With increasing time, every injection period   k = 1 , 2 , 3 , …   in the sequence was thus characterized by its duration   Δ  t k    or the volume of the fluid injection during that period    V k  = Q Δ  t k   . This is equivalent to specifying the injected pore volume for every such period


  PVI =  V  V  h c    ,   PVI k  =   V k   V  h c    ,  



(4)




where   V = Q t   is the cumulative volume of water and CO2 injected up to the time t,   V  h c    is the initial hydrocarbon pore volume, and the dimensionless quantity PVI is the number of injected pore volumes.



We generally concentrated on just five injection strategies (Table 1). Strategy W corresponds to the waterflooding. It consists of a single period of water injection. Strategy G corresponds to continuous gas injection. It consists of a single period of CO2 injection. In fact, we did not need to specify PVI1 for Strategies W and G because they assume a continuous injection of either water or CO2 at   0 ≤ t < ∞   (Figure 1).



Strategy WG corresponds to the tertiary method of oil recovery. Here, the initial period of waterflooding is followed by the period of gas injection (Figure 1). It is similar to the application of the CO2–EOR method at a late stage of waterflooding. Strategy WG is characterized by the volume of the initial water slug, i.e., by PVI1. Strategy GW corresponds to the opposite sequence. It begins with the period of CO2 injection that, again, is characterized by PVI1. This initial CO2 slug is then followed by waterflooding. Strategy GW is thus based on gas injection as a primary recovery method.



Strategy 2(WG)W contains two identical WAG cycles. Equal volumes of water and equal volumes of CO2 are injected in each such cycle, i.e.,    PVI 1  =  PVI 3    and    PVI 2  =  PVI 4   . Such a strategy is thus characterized by just two parameters, i.e., the sizes of the water and CO2 slugs in the cycling.





3. The Governing Equations


3.1. Balance Equations


For modeling oil displacement, we implemented the standard compositional model based on a cubic equation of state for predicting the fluid phase equilibria in the hydrocarbon mixture [45].Water was assumed an immiscible with other components. It forms a separate liquid phase.



We formulated the mass conservation equation for each fluid component [45,46,47] as follows:


       ∂  ∂ t    ϕ  ∑  i = g , o    ρ i   c  i ( j )    s i   +  ∂  ∂ x     ∑  i = g , o    ρ i   c  i ( j )    u i   = 0 ,  j = 1 … n ,      



(5)






    ∂  ∂ t    ϕ  ρ w   s w   +  ∂  ∂ x     ρ w   u w   = 0 ,   



(6)




where  ϕ  is the porosity,  ρ  is the density,   c  i ( j )    is the jth component mass fraction in the ith phase, s is the saturation, u is the Darcy velocity, and the subscripts g, o, and w denote the parameters of gas, oil, and water, respectively. Equation (5) is the mass balance equations for the jth component, where   j = 1 … n   and   n = 7   are the number of the fluid components modeled by the Peng-Robinson equation of state (Figure 2). Equation (6) is the mass balance equation for water.



We employed Darcy’s law to relate the velocity of each phase with the pressure gradient


   u i  = − k   k  r i    μ i     ∂ P   ∂ x   ,  i = g , o , w ,  



(7)




where k is the absolute permeability,   k  r i    is the relative permeability of the ith phase,  μ  is the dynamic viscosity, and P is the pressure. According to Equation (7), we neglect the capillary pressure by assuming equal pressure in all phases.



The pressure difference   Δ P   between the opposite ends of the core plug (  x = 0   and   x = L   in Figure 1) can be estimated as


  Δ P = Q   μ L  k  ,  



(8)




where  μ  is the average fluid viscosity. According to Equation (8),   Δ P   is inversely proportional to k. In what follows, we intentionally chose a large k such that   Δ P   did not exceed 0.1 bar. Therefore, the pressure changes did not significantly influence the phase equilibria that can be considered at    P 0  = 250   bar (although the influence is still accounted for in the numerical modeling). This assumption is similar to that applied in the method of characteristics [13,23].



We used the following Corey curves for the water–oil and gas–oil relative permeability [48]:


       k  r w    (  s w  )  =       s w  −  s  w c     1 −  s  w c        2.25   ,          k  r o w    (  s w  )  = 0.8      1 −  s w  −  s  o r     1 −  s  w c   −  s  o r        2.75   ,      



(9)






       k  r g    (  s g  )  = 0.74      s g   1 −  s  w c        1.8   ,          k  rog    (  s g  )  = 0.8      1 −  s g  −  s  w c   −  s  o r     1 −  s  w c   −  s  o r        2.75   ,      



(10)




where    s  w c   = 0.16   is the connate water saturation and    s  o r   = 0.24   is the residual saturation of oil. The coefficients in Equations (9) and (10) were chosen to match the saturation functions employed in the third SPE comparative study [49]. We applied a volume-averaged approximation for the three-phase relative permeability of the oil:


   k  r o   =    (  s w  −  s  w c   )   k  row    (  s w  )  +  s g   k  rog    (  s g  )     s w  −  s  w c   +  s g    .  



(11)








3.2. Equations of State


We employed the standard compositional model and assumed that the water phase was incompressible (   ρ w  = const  ) and had a constant viscosity (   μ w  = 0.45   cP). The water evaporation into the gas phase, as well as the hydrocarbon component dissolution in the water phase, were neglected. Thus, water forms a separate phase that is immiscible with the other phases.



For modeling the phase equilibria in the hydrocarbon fluid, we implemented the Peng-Robinson equation of state with the volume shifts [43,44]. We used a standard library of the EoS and binary interaction coefficient [42]. Using the equation of state, we can calculate all fluid parameters entering Equations (5)–(7), including   ρ i  ,   c  i ( j )   , and   s i  . For predicting the viscosity of oil and gas, we used the Lorentz–Bray–Clark correlation [50].



The rock matrix was assumed to be incompressible, so that   ϕ = const   and   k = const  .




3.3. Economic Model


To compare the profitability of the injection strategies discussed in Section 2.3, we calculated the net present value. We defined the cash flow as [46]


  R =  r o   q o  −  r  w i    q  w i   −  r  w p    q  w p   −  r  g i    q  g i   −  r  g p    q  g p   ,  



(12)




where    r o   q o    is the revenue term associated with the oil sales and all other terms correspond to the operating expenses. Here,   q o   is the volumetric oil production rate at the surface conditions after the single-stage separation to the standard pressure and temperature,   q  w i    and   q  w p    are the water injection and production rates, respectively, and   q  g i    and   q  g p    are the injection and production rates of gas, respectively. The quantity   r o   is the net revenue for selling a unit volume of oil after operating deductions, taxes, and royalties. The other quantities r in the negative terms in Equation (12) are the operating costs. The parameters   r  w i    and   r  w p    are the injection and production costs for water, and   r  g i    and   r  g p    are those for CO2. The parameters r are summarized in Table 2. Here, we use a fixed   r o  . The sensitivity of our estimates to the changes in oil price were evaluated in [34].



Using Equation (12), we define the net present value by


  J =  ∫  0  t    R (  t ′  )    ( 1 + D )    t ′    t  d s       d  t ′  ,  



(13)




where   D = 0.1   is the discount rate,    t  d s   = 1   yr is the discount period, and the prime denotes the variable of integration.



When optimizing CO2 flooding, we searched for the maximum of J among all the injection strategies and over all production times, i.e.,


  J ( t ) → max  at  0 ≤ t < ∞ .  



(14)




The strategy that allowed us to reach the maximum of the net present value at the yet unknown production time t was considered the most efficient, i.e., the most profitable.




3.4. Dimensionless Variables


The formulated problem involves two characteristic time scales. The first scale   t  h c    is required to inject one pore volume   V  h c   . If the injection rate Q is constant, then   t  h c    can be expressed as


   t  h c   =   V  h c   Q  .  



(15)




The other time scale   t  d s    is the discount period. Certainly, the case of a smaller   t  h c    when compared to   t  d s    is more preferable because the cash flow is then less reduced by the discounting. Thus, we can expect that using a larger injection rate generally causes the net present value to be higher. In our previous study [46], we showed that the relative role of these time scales was characterized by just one similarity criterion


  Ω =   Q  t  d s      V  h c   log  ( 1 + D )    .  



(16)




The quantity  Ω  can be regarded as the dimensionless injection rate. According to Equation (16), parameter  Ω  is indeed proportional to Q.



Using the definition in Equation (16), it is convenient to introduce the dimensionless time  τ  by the relation


  PVI = Ω τ .  



(17)




It is natural that, according to Equation (17), the cumulative injection volume equals the injection rate  Ω  times the dimensionless time  τ .



Also, we introduce the dimensionless net present value [46]


  NPV =  J G  ,  



(18)




where G is the theoretical maximum of the total revenue that can be reached by selling all oil-in-place at   t = 0   without any expenses for the injection and production operations.



Further, we will formulate the results of our study in the dimensionless variables NPV, PVI,  Ω , and  τ , which ease their scaling from the considered microscopic plug scale up to the reservoir scale.





4. Methods


As noted, we optimize the WAG injection into the reservoirs saturated with the fluids of various compositions. By using the random Monte Carlo sampling [53], we aimed at understanding the statistical properties of the optimal WAG injections.



Let us, in detail, discuss the implemented sampling method. At every step of the Monte Carlo method, we first generated a new oil composition. This was conducted by the random quantities   ξ  ( i )   ,   i = 5 , 6 , 7   and Equation (3). Then, we specified the injection rate  Ω  and chose the injection strategy X, which is one of W, G, WG, GW, or 2(WG)W (Table 1). We specified the initial guess for PVIk for every slug in the chosen strategy. For the specified parameters, we then ran the compositional simulation of the oil recovery from the core plug and found the moment of time PVI* (or   τ *  ) corresponding to the maximum of NPV for the particular values of PVIk. Certainly, this maximum depends on the size PVIk of the CO2 and water slugs. To determine the absolute maximum of NPV, we ran an optimization algorithm that finds the optimal values of PVIk corresponding to the absolute maximum of NPV. This is an iterative algorithm based on stochastic and gradient methods of optimization [54]. It requires several tens of the compositional simulations. Hence, the algorithm results in the optimized strategy X for a given oil composition and injection rate  Ω . We wanted to emphasize that optimizing Strategies W and G does not require any iterative optimization algorithm because they concern a continuous injection of either water or CO2. They are characterized by a single slug of fluid, of which the duration can be found in the course of just one compositional simulation by calculating the current value of NPV at the end of each time step and choosing the moment of time PVI* when NPV reaches the maximum.



If we aim at finding the optimal strategy among all the considered injection strategies listed in Table 1, then the described procedure must be repeated several times for every such strategy of interest (of which there are five in total). The optimal strategy for a given oil composition is then characterized with the maximum of NPV over all strategies. In the Monte Carlo method, the described optimization procedure is repeated many times for every sampled oil composition. Hence, we estimated NPV for an ensemble of oils, i.e., the statistic average of the maximum of NPV.



The reservoir simulations of WAG were conducted with our MUFITS reservoir simulator [46,55]. For the discussed 1-D study, the grid resolution was 250 blocks for the whole core plug   0 ≤ x ≤ L  . We set up the software to use the fully implicit method with the upwind approximation of the fluxes. Monte Carlo modeling and the optimization were performed in an automated fashion by using a simulation control program that changes the fluid composition and other injection parameters, as well as processes the simulation output.




5. Results


5.1. Simulated Oil Properties


We first discuss the parameters of the oils obtained by the random changing of the quantities   ξ  ( i )    in Equation (3). The density of oil after the one-stage separation to the standard conditions   ρ  o   s c    varied in the range from 760 to 920 kg/m3 (Figure 3). The light oils generally correspond to a low concentration   z  ( 7 )    and a higher concentration of   z  ( 5 )    in the reservoir fluid. The heavy oils are characterized by a significant concentration of the C40 component.



It is worth noticing that, for the following presentation, the bubble point pressure,   P  bub   , does not exhibit any pronounced dependence on the oil density   ρ  o   s c    (Figure 3a). Indeed, the general trend was that the bubble point pressure decreases with   ρ  o   s c    [56]. However, the simulated values of   P  bub    were significantly scattered for any fixed   ρ  o   s c   . Thus, there was no one-to-one correspondence between   P  bub    and   ρ  o   s c   .



As shown in Figure 3b, we plotted the simulated minimum miscibility pressure (MMP) against   ρ  o   s c   . We employed the concept of dynamic MMP that is useful for describing the miscibility behavior for the considered oils. To evaluate the dynamic MMP, we plotted the phase diagram of the oil mixed in various proportions with the injected gas. Consider the case when we take  ν  moles of the original reservoir oil (  0 ≤ ν ≤ 1  ) and   1 − ν   moles of the injected CO2. We then place these fluids in contact, e.g., in a PVT cell, and wait until the fluid phase equilibrium is reached. We assume that the cell is kept under the reservoir temperature and a given pressure P that can differ from the initial reservoir pressure   P 0  . The parameters of the equilibrium can simply be calculated by the standard flash calculation that is based on the assumption of thermodynamic equilibrium.



Depending on the values of P and  ν , the fluid can exhibit different phase states. In Figure 4, we present such phase diagrams for the three oil compositions summarized in Table 3. In the case of heavy oil (sample h; Figure 4c), the region of the two-phase states corresponding to incomplete miscibility between gas and oil is not constrained from above at high pressures. The two-phase state is possible for some   ν ≈ 0.2   at any reasonably large pressure (  P ≤ 600   bar). Here, the green region corresponds to the two-phase states and the solid curves are the contour lines    s g  = const   with step 0.1. The fluid is in the single-phase state of oil to the right of that region at large  ν , i.e., all the   1 − ν   fraction of CO2 is completely dissolved in oil in such a case. The fluid is in the single-phase state of gas to the left of the two-phase region at   ν ≪ 1  . Here, a tiny amount of oil is completely evaporated into gas. Thus, according to the Peng-Robinson equation of state, the conditions of complete miscibility, i.e., the case of homogeneous fluid for any  ν , are not reached at   P ≤ 600   bar. Consequently, the true MMP is larger than 600 bar.



The width of the two-phase region, as shown in Figure 4c, decreased with P at   P < 300   bar, but it was almost constant at   P ≥ 300   bar. Thus, the efficiency of the miscible flooding did not significantly change if P varied within the region   [ 300 , 600 ]   bar. We defined the dynamic MMP as the minimum pressure at which a substantial change in the phase compositions and, thus, the width of the two-phase zone occur is observed in the   ( ν , P )   plane. To be more rigorous, we searched for the minimal pressure such that


     ∂  s g    ∂ P    < ε  for   any  0 ≤ ν ≤ 1 ,  



(19)




where   ε =  10  − 3     bar−1 is a threshold value. Certainly, the dynamic MMP depends on  ε  and that threshold value should be carefully chosen for every particular study. However, if  ε  is sufficiently small, then the calculated dynamic MMP is very close to the true MMP for any simple fluid exhibiting the bell-shaped region of the two-phase states.



To be more specific, let us consider how the two-phase region and the dynamic MMP change with the oil density   ρ  o   s c   . If   ρ  o   s c    decreases from 880.2 kg/m3 (Figure 4c) to 820.9 kg/m3 (Figure 4b), then the two-phase region at   P ≥ 300   bar becomes narrower. Herewith, according to Equation (19), the dynamic MMP slightly increased with decreasing   ρ  o   s c    (Figure 3b). If   ρ  o   s c    decreases further to 780.9 kg/m3 (Figure 4a), then the two-phase region splits in two zones. The lower zone at   P ≤ 148.8   bar is the standard bell-shaped two-phase region with the critical point  α  where all curves    s g  = const   begin. For such light oil, the dynamic MMP is very close to the true MMP, which is the maximum pressure on the bell-shaped curve. The narrowing of the two-phase region and its splitting into two zones caused the MMP to decrease with the decreasing   ρ  o   s c    at    ρ  o   s c   ≤ 840   kg/m3 (Figure 3b). These densities correspond to the miscible flooding at    P 0  = 250   bar. The larger densities    ρ o  s c   > 840   kg/m3 at which the dynamic MMP decreased with   ρ o  s c    were regarded as the cases of immiscible flooding at    P 0  = 250   bar. Certainly, the threshold value of 840 kg/m3 depended on the reservoir temperature.




5.2. Base Study at   Ω = 1  


We begin the results presentation with a moderate injection rate of   Ω = 1  . As discussed in Section 4, the ensemble of the points in Figure 4 was obtained by the Monte Carlo method. Every point in that figure corresponds to a randomly chosen composition of oil and an optimized injection strategy.



First, the results in Figure 4 indicate that the oil density at the standard conditions serves as a very good parameter characterizing the efficiency of both miscible and immiscible flooding. The points corresponding to every injection strategy cluster were found to be near a well-defined curve (shown in Figure 5 by the dashed curves for each strategy). We can thus conclude that the particular values of   z  ( 5 )   ,   z  ( 6 )   , and   z  ( 7 )    are not very relevant for characterizing the efficiency of the gas flooding. The knowledge of the oil density   ρ o  s c    is sufficient to estimate NPV, the microscopic displacement efficiency   E d  , and the other parameters of the flooding for a given  Ω  and injection strategy. In other words, the efficiency and profitability of every strategy is characterized by   ρ  o   s c    and, as discussed in Section 5.3, by  Ω . According to Figure 3, neither   P  bub    nor MMP can be used in such a characterization. These parameters exhibit an ambiguous dependence on   ρ  o   s c   , i.e., a given   ρ  o   s c    corresponds to several values of   P  bub    and MMP. Thus, plotting the results of the Monte Carlo sampling against   P  bub    or MMP does not result in the points grouping near a single curve. Therefore,   P  bub    and MMP do not characterize the efficiency of WAG.



The dimensionless NPV for all strategies except W show a pronounced decreasing trend with increasing   ρ  o   s c    (Figure 4a). All points for a fixed strategy are almost at the same level at    ρ  o   s c   ≤ 840   kg/m3. NPV decreases with   ρ  o   s c    at    ρ  o   s c   > 840   kg/m3. Thus, a substantially larger NPV can be reached in reservoirs of light rather than medium or heavy oil. This is explained by the complete miscibility reached for light oils (Figure 4a).



According to Figure 3b, the complete miscibility at the considered reservoir pressure    P 0  = 250   bar was reached for oils of a density less than ≈840 kg/m3, i.e., exactly at the same value at which the NPV levels off. This was also supported by the behavior of the recovery efficiency   E d  , which equaled 1 at    ρ  o   s c   ≤ 840   kg/m3 (Figure 5b). If    ρ  o   s c   > 840   kg/m3, then the complete miscibility is not reached even though the dynamic MMP can be lower than   P 0  ; thus,   E d   and NPV decrease with   ρ  o   s c   . Hence, we regard the case of    ρ  o   s c   > 840   kg/m3 as the case of immiscible gas flooding.



Strategy W exhibits a completely different trend when compared to the strategies with the injection of CO2. Its economic efficiency NPV and the recovery factor   E d   do not depend on the oil density (Figure 5a,b). This is explained by the fixed, i.e., not altered by the mixing with CO2, parameters of the oil. Before water breaks through to the boundary   x = L  , the cumulative volume of produced oil is approximately equal to the cumulative water injection. The optimized parameters of W therefore show a very weak dependence on   ρ  o   s c   . Since the economic efficiency of the strategies with the injection of CO2 decreases with   ρ  o   s c   , we can conclude that the WAG injection is better to deploy in the light-oil reservoirs.



Generally, the strategies ending with the gas slug, i.e., G and WG, require substantially larger volumes of gas to reach the maximum of NPV (Figure 5c). The strategies ending with water injection, i.e., GW and 2(WG)W, require a three times smaller volume of gas PVIg. An interesting observation is that PVIg substantially decreases with   ρ  o   s c   . We thus conclude that a CO2–EOR operation at a light-oil reservoir requires larger volumes of gas than in the reservoirs containing medium or heavy oil.



Keeping in mind that CO2–EOR has advantages for solving environmental problems, we also calculated the CO2 storage efficiency (CSE) for every optimized injection strategy. The storage efficiency is given by


  CSE =  M  i p     M  i n j    ,  








where   M  i p    is the mass of CO2-in-place and   M  i n j    is the mass of injected CO2 through the boundary   x = 0  . The quantity CSE cannot exceed one and, generally, it is less than one because some of the injected CO2 is drained out of the core plug through its boundary   x = L  . According to Figure 5d, the carbon storage efficiency increases with   ρ  o   s c   . Thus, the miscible flooding implemented at reservoirs characterized by a large oil density is a better option for the subsurface disposal of CO2 in the case when NPV is maximized.




5.3. Influence of the Injection Rate  Ω 


We conducted three separate parametric studies for   Ω = 0.5  , 1, and 2. Their results for Strategies W, WG, and GW are presented in Figure 6. A larger  Ω  was found to be more preferable for reaching a larger NPV. Indeed, the role of the discounting reduces with  Ω . It is more profitable to recover oil earlier when the discounting does not reduce the cash flow. This trend can be clearly observed in Figure 6, where, for a fixed strategy and   ρ  o   s c   , the value of NPV decreases when the injection rate decreases from   Ω = 2   (Figure 6a) to   Ω = 1   (Figure 6b) and then to   Ω = 0.5   (Figure 6c). The results shown in Figure 6 also confirm that the maximum of NPV is indeed mainly characterized by   ρ  o   s c   . This is valid for different values of  Ω .



Consider the changes in NPV with  Ω  for the three compositions given in Table 3. The maximized values of NPV for these oil samples and considered strategies are shown in Figure 7. The NPV for each strategy exhibits a prominent decreasing trend. As already discussed, it is caused by the discounting that generally results in a smaller NPV at a smaller injection rate  Ω . The calculated curves for the light and heavy oils shown in Figure 7a,b, respectively, are almost identical because the density of both these oils is lower than the determined threshold value of 840 kg/m3 corresponding to the complete miscibility. The curves for Strategies G, GW, WG, and 2(WG)W are generally lower in the case of the heavier oil (Sample h) corresponding to the immiscible gas injection (Figure 7c). The curves for the waterflooding W are identical for all oil samples because the oil composition is irrelevant in continuous water injection.



The results shown in Figure 7 are qualitatively (and, to some degree of accuracy, even quantitatively) similar to those curves previously obtained for a simpler proxy oil [34]. This again supports the conclusion that the dimensionless rate  Ω  is indeed useful for characterizing the efficiency of WAG. The faster injections at a large  Ω  results in a larger economic efficiency of strategies with CO2 injection when compared to waterflooding. In the case of low oil density and a large  Ω  (Figure 7a,b), even continuous gas injection can be more profitable than waterflooding. However, the alternating injection of gas and water is even more efficient, and Strategy 2(WG)W was found to be the most efficient at large injection rates of  Ω . We thus can expect that the case of the flooding that begins with CO2 injection or WAG cycles and ends with water injection is the best option.




5.4. Influence of the Light Hydrocarbon Components


The reservoir oil can contain a substantial amount of dissolved light hydrocarbon components. Their concentrations   z  ( i )   ,   i = 2 , 3 , 4   were assumed constant in the previous sections. However, these concentrations can substantially and, rather arbitrarily, vary from one reservoir to another, although the concentration of methane (  z  ( 2 )   ) is the largest. The light components can influence the conditions of the oil miscibility with CO2 and, thus, the WAG efficiency. Moreover, these components, especially Component C5, can change the oil density at the surface conditions because, at   P =  P  atm    , oil can dissolve considerable amounts of oil fractions when the boiling temperature is larger than the standard temperature of 15.6 °C. In this section, we aim at understanding how these components influence the WAG efficiency. In particular, we want to validate that the efficiency is still characterized by  Ω  and   ρ o  s c   , even at different   z  ( i )   ,   i = 2 , 3 , 4  .



We considered the light- and heavy-oil samples (see the l and h compositions in Table 3) and fixed the concentrations   z  ( 5 )   ,   z  ( 6 )   , and   z  ( 7 )   . Then, we applied the Monte Carlo method by randomly varying the concentrations   z  ( 2 )   ,   z  ( 3 )   , and   z  ( 4 )    in a way that their sum equals 0.5 (   z  ( 2 )   +  z  ( 3 )   +  z  ( 4 )   = 0.5  ) and so all the bulk concentrations summed to one. Similarly to Section 2.2, we introduced the random quantities   ξ  ( i )   ,   i = 2 , 3 , 4   with the uniform distribution in the range   0 ≤  ξ  ( i )   ≤ 1  , and we used them to calculate   z  ( i )    as follows:


   z  ( i )   = 0.5   ξ  ( i )     ξ  ( 2 )   +  ξ  ( 3 )   +  ξ  ( 4 )     ,  i = 2 , 3 , 4 .  



(20)




Using Equation (20), we can generate different light- and heavy-oil compositions by taking   z  ( 5 )   ,   z  ( 6 )   , and   z  ( 7 )    to be equal to those in the l and h oil samples (Table 3). For every such oil composition, we optimize the injection strategies and plot their parameters in Figure 8.



According to Figure 8, the oil density   ρ o  s c    at the surface conditions quite significantly varied as a result of the different concentration of C5 in the separated oil. For example, it changed from ≈780 to 830 kg/m3 in the case of Oil l. But, all the simulated points shown in Figure 8 clustered near the clearly defined curves even if we simultaneously look at the points for the light and heavy oils. This clustering validates our conclusion that the parameters of the optimized injections depend mainly on  Ω  and   ρ o  s c   .





6. Discussion and Conclusions


The present theoretical study concerns optimizing WAG for the case of oil displacement in a core plug. We thus accounted only for the microscopic displacement efficiency   E d  , where    E v  = 1   and    E a  = 1  . Certainly, a 3-D displacement in a heterogeneous reservoir results in a substantially smaller   E v   and   E a   due to the gravity override, capillary effect, and channeling (see Appendix A). Thus, the optimal parameters of the strategies will change. However, evaluating the optimal CO2 flooding strategy in a such 3-D case would be a very specific study because every reservoir is unique, i.e., it is characterized by a quite specific heterogeneity.



Nevertheless, our estimates still appear to be relevant because we aim at estimating the role of oil composition. It is natural to expect that oil composition has a major influence on   E d   and a much smaller influence on   E v   and   E a   because it controls the phase behavior and, thus, the miscibility behavior. Therefore, our modeling accounts for the major factor influencing the dependence of the sweep efficiency on the oil composition.



The obtained simulation results built upon our previous work [34] on the case of a more complicated modeling of the reservoir fluid. In the previous study, we used a much simpler fluid consisting of just C1, C6, and C16 at constant bulk molar concentrations. We now used twice the components in the compositional simulations to characterize the fluid and vary their concentration in a wide range to simulate both light and heavy oils. We showed that the conclusions obtained in our previous study [34] are still valid in the case of both miscible and immiscible displacement. The concept of the dimensionless injection rate  Ω  works. Within the noted limitations, the economic efficiency of a CO2 flood and the injection strategies that were ranked by the maximized NPV to a large extent are characterized by  Ω . For instance, the results testify that CO2 flooding is more efficient at a higher  Ω , and, generally, gas injection should be applied as a primary recovery method followed by waterflooding rather than as a tertiary method of recovery. These trends in Figure 7 are explained by a smaller influence of the discount rate at higher injection rate [34].



An interesting observation is that the details of oil composition (i.e., the concentrations of different hydrocarbon groups) are, in fact, not so relevant. The conducted simulations testify that the oil density at standard conditions is what matters for characterizing the parameters of the optimized strategies. If two oils have identical densities,   ρ o  s c   , but different compositions, then the parameters of the optimized strategies are also the same. Therefore, they depend mainly on  Ω  and   ρ  o   s c   , whereas the role of other parameters including the oil composition is less relevant. This is valid for both miscible and immiscible displacement.



An interesting conclusion is that neither the bubble point pressure nor the minimum miscibility pressure, nor the difference between the reservoir pressure and these quantities, characterize the efficiency. Certainly, the true MMP is very high in the considered immiscible cases. But the conclusion is valid even if the concept of the dynamic MMP is employed. This conclusion can be extended to 3-D displacement in a heterogeneous reservoir at    E v  < 1   and    E a  < 1   because if   P  bub    and MMP do not characterize   E d  , then we can barely expect that they characterize   E s   in a real application.



Based on the insight from the microscopic displacement efficiency, we can draw the following conclusions regarding the statistical properties of the optimal WAG strategies:




	
We validated that the conclusions of our previous study [34] are still valid for reservoirs saturated with various light and heavy oils. The concept of the dimensionless injection rate  Ω  is working for oils of different compositions and in the cases of both miscible and immiscible injections.



	
The parameters of optimized WAG injection strategies and their efficiency depend mainly on the injection rate  Ω  and the oil density at surface conditions   ρ o  s c   . Neither bubble point pressure nor MMP can be used in the characterization of the optimal WAG parameters.



	
The CO2–EOR method applied to a reservoir characterized by a less dense oil results in a higher microscopic displacement efficiency and NPV, but it also causes the CO2 storage potential to be lower. Thus, implementing the CO2–EOR method at a reservoir that has more light oil can generally increase the oil recovery efficiency but at the cost of larger volumes of CO2 being extracted back to the surface with the produced oil.
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	Carbon storage efficiency
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	Enhanced oil recovery
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	Equation of state
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	NPV
	Net present value



	PVI
	Pore volumes injected



	WAG
	Water-alternating-gas










Appendix A. 3-D Scenario


Our theoretical investigation in the main part of the article concerns a rather simplified 1-D study corresponding to a slim-tube experiment. We now want to demonstrate that our results remain unchanged in a more complicated 3-D case of a heterogeneous reservoir.



We simulated the development of an oil reservoir characterized by a fluvial depositional environment. The lateral extensions of the considered sector were 600 × 600 m. The reservoir was buried at a depth of 2500 m, and its thickness was constant at 28 m (Figure A1). We assumed a constant porosity of 0.2 and a highly heterogeneous distribution of permeability varying from 8.1 to 1100 mD [57]. The permeability ratio was 0.2. The reservoir exhibited several high-permeability channels serving as preferable pathways for fluid flow. The net-to-gross thickness was one, and so the sector was characterized by a rather good fluid communication in both horizontal and vertical directions. Thus, the buoyancy can considerably reduce WAG efficiency.





[image: Energies 17 02259 g0a1] 





Figure A1. Sketch of the 3-D study and the map of the well pattern. The color shows the distribution of horizontal permeability   k x  . 






Figure A1. Sketch of the 3-D study and the map of the well pattern. The color shows the distribution of horizontal permeability   k x  .
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We considered an areal study with wells placed in the five-spot pattern. The alternating injection of gas and water was organized through nine injection wells surrounding four producing wells. Well spacing was not adopted due to the distribution of permeability. Any well could thus be arbitrary located either in a high-permeability channel or in a lower-permeability region between the channels. All wells were completed throughout the whole reservoir thickness.



At   t = 0  , the reservoir was saturated with oil at a connate water saturation of 0.16. It was at hydrostatic equilibrium. The pressure at the top of the reservoir was 250 bar. The temperature was assumed constant at 60 °C. All other parameters were identical to those in our investigation of the slim-tube experiments. All boundaries of the sector were assumed impermeable.



The producing wells were operated at the constant bottom-hole pressure of 250 bar, which equaled the initial reservoir pressure. The injection wells were operated at a constant volumetric injection rate at the reservoir conditions, and the value chosen was adopted to meet the target field dimensionless injection rate of   Ω = 1  . Due to the assumed symmetry in the five-spot pattern, the center wells injected four times more fluid than the wells located in the corners of the sector and twice more than the wells located at the lateral boundaries (but not in the corners). According to the injection strategies, all of the injection wells were simultaneously switching to either gas or water injection.



To estimate the validity of our results for the 1-D study, we simulated different CO2–EOR strategies (see Table 1) for the three sample oil compositions, which are summarized in Table 3. The water and gas slugs, PVIw and PVIg, were taken to be identical to those in the optimized 1-D scenarios. The calculated NPV and efficiencies are shown by dots in Figure 5, where, in Panel b, we show the field oil efficiency for the 3-D cases.



For Scenario 2(WG)W, we show the distribution of gas and water saturation in Figure A2 and Figure A3, respectively. The first and second moments of time, PVI = 0.21 and 0.42, correspond to the end of the periods of the first and second gas slugs injection, respectively. The third PVI = 0.65 corresponds to a moment of time during the closing waterflooding stage. According to Figure A2 and Figure A3, the flow pattern was found to be strongly influenced by the heterogeneous permeability distribution. Both gas and water tended to flow along axis y, i.e., along the the direction of the high-permeability channels. The buoyancy also played a notable role because gas tends to accumulate near the roof of the reservoir. As shown in the cross-section   y = 300   m (Figure A2), a gas plume formed near each injection well. Consequently, the reservoir was swept by gas mostly near its roof. Similarly, the water, as a denser fluid in comparison to gas and oil, sank to the reservoir base, thus causing a better sweep by the water at   z = 2528   m. Therefore, both effects of the buoyancy and reservoir heterogeneity resulted in a rather complicated distribution of the three phases in the simulated sector.
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Figure A2. Distribution of the gas saturation for Strategy 2(WG)W for the Oil Sample h at   Ω = 1   and PVI = 0.21, 0.42, and 0.65 (panels (a–c), respectively). We show   s g   in the cross-section   y = 300   m and at   z = 2500   m. 






Figure A2. Distribution of the gas saturation for Strategy 2(WG)W for the Oil Sample h at   Ω = 1   and PVI = 0.21, 0.42, and 0.65 (panels (a–c), respectively). We show   s g   in the cross-section   y = 300   m and at   z = 2500   m.
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Figure A3. Distribution of the water saturation for Strategy 2(WG)W for the Oil Sample h at   Ω = 1   and PVI = 0.21, 0.42, and 0.65 (panels (a–c), respectively). We show   s w   in the cross-section   y = 300   m and at   z = 2500   m. 






Figure A3. Distribution of the water saturation for Strategy 2(WG)W for the Oil Sample h at   Ω = 1   and PVI = 0.21, 0.42, and 0.65 (panels (a–c), respectively). We show   s w   in the cross-section   y = 300   m and at   z = 2500   m.
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Due to the gravity override, the simulated values of NPV for all strategies except W were found to be generally much lower than those for the slim-tube experiment (Figure 5b). The reservoir was not completely swept by gas, and the oil recovery and NPV went lower. However, a relevant observation was that the strategy order, in terms of NPV, the oil recovery (  E d  ), the required amount of gas (PVIg), and CSE, remained unchanged when compared to the 1-D study. In both the 1-D and 3-D scenarios with a CO2 injection, the best option was 2(WG)W and the worst option was G (continuous gas injection). Certainly, all the values of NPV were shifted down by about 0.125. However, if we estimate from the 1-D study that 2(WG)W is the optimal strategy, then it will also be the best option in the 3-D reservoir. A rather fine point is that the efficiency of waterflooding needs to be evaluated separately since its NPV is just slightly lower in the 3-D case when compared to that in the 1-D case. Strategy W was not influenced by the compositional effects, and it was not compromised by the gravity override of the gas phase. Its efficiency was certainly reduced by the gravity override of the water phase, but this effect was weaker because the density contrast between the oil and water was smaller than that between oil and gas. However, this behavior can change for a different reservoir pressure, temperature, and different oil composition.



To conclude, the 3-D example demonstrated that the optimization of the 1-D scenarios can help in evaluating the optimal injection strategies in 3-D scenarios, even though the latter are compromised by the reduced volumetric and areal sweep efficiencies   E v   and   E a  .
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Figure 1. Sketch of the 1-D study. The injection strategies of interest are shown on the left. The periods of water and CO2 injection are denoted by W and G, respectively. The abbreviations of the injection strategies correspond to the sequence of these periods. 
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Figure 2. Compositional model of the reservoir fluid. The components are numbered from left to right. 
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Figure 3. The bubble point pressure (a) and the dynamic minimum miscibility pressure (b) against the oil density at surface conditions for the sampled fluids. The color shows the bulk concentration of C40 in the reservoir oil. 






Figure 3. The bubble point pressure (a) and the dynamic minimum miscibility pressure (b) against the oil density at surface conditions for the sampled fluids. The color shows the bulk concentration of C40 in the reservoir oil.



[image: Energies 17 02259 g003]







[image: Energies 17 02259 g004] 





Figure 4. The phase diagrams for the three oil samples of the compositions given in Table 3. The panels (a–c) correspond to the oil density of 780.9, 820.9 and 880.2 kg/m3. The reddish and greenish regions correspond to the single-phase and two-phase states of the fluid, respectively. The green curves are the contours    s g  = k / 10  ,   k = 1 … 9  . 
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Figure 5. The sampled net present values (a), the microscopic displacement efficiencies (b), the cumulative gas injection (c), and the carbon storage efficiencies (d) against the oil density   ρ o  s c    at   Ω = 1  . All parameters are shown for the optimized injection strategies at the time when the maximum of NPV was reached. 
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Figure 6. The simulated NPV for   Ω = 2  , 1, and 0.5 ((a), (b), and (c), respectively). 
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Figure 7. The maximized NPV at different  Ω  and the three fixed oil compositions given in Table 3. The panels (a–c) correspond to the oil density of 780.9, 820.9 and 880.2 kg/m3. 
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Figure 8. The sampled net present values (a), the microscopic displacement efficiencies (b), the cumulative gas injection (c), and the carbon storage efficiencies (d) against the oil density   ρ o  s c    at   Ω = 1  . All parameters are shown for the optimized injection strategies at the time when the maximum of NPV was reached. Parameters of the optimized strategies against   ρ  o   s c    for the randomly chosen   z  ( 2 )   ,   z  ( 3 )   , and   z  ( 4 )    and the two fixed sets of   z  ( 5 )   ,   z  ( 6 )   , and   z  ( 7 )    corresponding to the light (l) and heavy (h) oil samples in Table 3. 
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Table 1. The injection strategies.
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	Abbreviation
	Description





	W
	Waterflooding



	G
	Continuous gas injection



	WG
	Gas injection after waterflooding



	GW
	CO2 slug followed by continuous water injection



	2(WG)W
	Two identical WAG cycles followed by continuous water injection










 





Table 2. Parameters of the economic model in different units [12,51,52].






Table 2. Parameters of the economic model in different units [12,51,52].





	   r o   
	20.27 USD/bbl
	150 USD/ton



	   r  w i    
	2 USD/bbl
	12.5 USD/ton



	   r  w p    
	1.5 USD/bbl
	9.5 USD/ton



	   r  g i    
	2.55 USD/Mscf
	45 USD/ton



	   r  g p    
	1.33 USD/Mscf
	23.5 USD/ton










 





Table 3. Parameters of the three selected samples of light (l), medium (m), and heavy (h) oil.
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	Sample
	    z  ( 5 )     
	    z  ( 6 )     
	    z  ( 7 )     
	    ρ  o  sc    
	   P bub   , bar
	MMP, bar





	l
	0.456
	0.032
	0.012
	780.9
	108.9
	148.8



	m
	0.279
	0.194
	0.027
	820.9
	110.7
	337.4



	h
	0.031
	0.286
	0.183
	880.2
	105.2
	268
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