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Abstract: Strong heterogeneity, low matrix permeability, and complex oil–water interaction make the
fluid flow in carbonate rocks extremely complicated. In this study, we quantitatively characterize and
simulate single-phase and multiphase flows with multiscale pore–vug–fracture structures involved
in the carbonate reservoir developments. The main studies and conclusions include: (i) The CT tech-
nology is utilized to characterize the pores, fractures, and vugs of carbonate cores at multiple scales.
It is found that even if the CT resolution reaches 0.5 µm, the pores of the core are still unconnected as
a network, indicating that the carbonate matrix is particularly tight. The existence of fractures can
increase the effective permeability, and even poorly connected fractures can significantly increase the
permeability because it reduces the flow distance through the less permeable matrix. (ii) A numerical
model of low-porosity strongly heterogeneous carbonate rocks was constructed based on digital
image processing. Simulations of single-phase fluid flow under reservoir conditions were conducted,
and the effects of surrounding pressure, pore pressure, and core size on the single-phase flow were
investigated. Due to the strong heterogeneity of carbonate rocks, the pores, vugs, and fractures cause
local preferential flow and disturbance within the core, which significantly affects the fluid flow path
and the pressure distribution in the core. The overall permeability is a composite representation
of the permeability of numerous microelements in the specimen. Permeability increases with an
increasing pore pressure, and it decreases with increasing circumferential pressure. (iii) The gas–water
two-phase flow model of a low-porosity strongly heterogeneous carbonate rock was established
based on digital image processing. The variation law of the two-phase outlet flow velocity with the
inlet gas pressure and the movement law of the two-phase interface of carbonate rock samples were
obtained. Under certain surrounding pressure, the outlet gas velocity is larger than the outlet water
velocity; with the increase of the inlet gas pressure, the pore space occupied by the gas phase in the
rock becomes larger. With the increase of the surrounding pressure, the velocities of both outlet gas
and water decrease. As the sample size decreases, the velocities of both outlet gas and water increase.

Keywords: carbonate rock; pore–fracture–vug; fluid flow; two-phase flow; digital rock; numerical
analysis

1. Introduction

Carbonate reservoirs occupy a significant position in global hydrocarbon resources.
According to the U.S. Information Processing Service, LLC, carbonate oil and gas resources
account for about 70% of the global oil and gas resources, with recoverable reserves ac-
counting for about 50% and production accounting for about 60% [1,2]. China is also rich in
carbonate oil and gas resources, and according to the results of the dynamic national evalu-
ation of oil and gas resources in 2015, the geological resources of oil were 340 × 108 tons,
and the geological resources of natural gas were 24.3 × 1012 m3, accounting for 27.0% and
26.9% of the total oil and gas resources, respectively [3].
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Carbonate reservoirs in China are mainly distributed in Sichuan, Bohai Bay, Ordos,
Tarim, Pearl River Estuary, Northern Jiangsu, Qaidam, and other basins. According to the
latest round of resource assessment in China, the amount of natural gas in marine carbonate
rocks discovered in Sichuan is nearly 10 trillion cubic meters, indicating great development
potential. The Dengsi gas reservoir in Sichuan Basin is an ancient weathered carbonate
reservoir with complex pore–vug–fracture configurations and strong heterogeneity. The
production capacity was 6 billion cubic meters in 2020, but the production in different
gas wells varies greatly, and the stable production is hardly maintained. To maintain its
long-term stable production, it is necessary to deepen the understanding of the mechanism
behind the gas production and evaluate the permeability of complex carbonate reservoirs
with low porosity and strong heterogeneity.

Carbonate reservoirs usually undergo multiple tectonic movements, karst superpo-
sition and reconstruction, and hydrocarbon formation processes, where pores, vugs, and
fractures of different scales are formed. The reservoir is generally characterized by the
mature pore–vug–fracture configuration, strong heterogeneity, low porosity, and perme-
ability in the matrix. Pores are the main storage space for hydrocarbons, and fractures
are the main flow channels. Therefore, the development of carbonate reservoirs is, to a
certain extent, limited by the relationship among the pores, vugs, and fractures, and it is
essential to study this relationship at different scales for production enhancement. Due
to the diversity and nonuniformity of carbonate reservoir space and the limitations of
various research methods, it is difficult to characterize the multiscale pore–vug–fracture
structure of carbonate rocks accurately. At present, the research on reservoir space is mainly
divided into two categories: (i) the direct observation method, where the main observation
means are the optical microscope, scanning electron microscope, etc., and the observation
results are two-dimensional images and semiquantitative; (ii) the indirect observation
method, where the main observation means are piezometric mercury, nuclear magnetic
resonance, etc., and the test results are mainly the distribution curve of pore diameter,
which cannot portray the three-dimensional spreading of pore space and interconnection
relationship [4–10].

With the increasing accuracy of CT (computed tomography) scanning and the im-
provement of computer operation capability, the use of digital cores in the analysis of
pore structure in oil and gas reservoir cores has gradually become popular. After years
of development, CT scanning can accurately analyze the development scale and distribu-
tion characteristics of pores in conventional oil and gas reservoirs. In terms of fracture
identification, the main method is based on the binarization of a single two-dimensional
image, taking the target with narrow shapes and treating them as fractures. In 2000, Ioanni-
dis et al. [11] introduced the concept of the dual-porosity model to describe the structural
characteristics of caves and secondary pores in cavernous reservoirs. The pore distribution
characteristics of secondary pores were obtained by scanning with CT equipment. In 2004,
Bekri et al. [12] introduced the wettability characteristics of cavernous carbonate reser-
voirs based on this model and analyzed the influence law of wettability on petrophysical
parameters in such reservoirs.

Xia et al. [13] identified fractures based on the pore shape, which should be smaller than
0.08. Yan et al. [14] distinguished pores, vugs, and fractures based on industry standards
and combined the pore shape factors and external sphere radius, and the shape factor of
fractures was less than 0.05. Therefore, there are significant differences in the standard to
identify fractures. Gao et al. [15] used CT scan and NMR (nuclear magnetic resonance) to
analyze the cores of dolomite reservoirs of the Lower Cambrian Longwangmiao Formation
in the Sichuan Basin. The results showed matrix pores, cavities, and microfractures of
different sizes in the reservoir space. The CT scan identified that the reservoir space is
dominated by vugs with diameters varying between 2 and 8 mm, while NMR identified
that pores dominate the reservoir space. Wei et al. [16] compared CT scans of core samples
and plunger core samples and found that core samples were more heterogeneous and
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showed significant anisotropy in permeability, while small core samples showed relatively
homogeneous characteristics.

The flow mechanism of carbonate reservoirs, especially the pore–fracture type and
pore–vug–fracture type reservoirs, has been a hot research topic worldwide. In the 1950s,
Bruce et al. [17] established a single-media mathematical model to solve the problem of
characterizing the flow mechanism of continuous porous media. In 1963, Warren and
Root [18] established a dual-media mathematical model to solve the problem of character-
izing the fluid flow mechanism of pore–fracture type reservoirs. The dual-media model
assumes that the bedrock is separated into regular blocks by the fractures. The reservoir
should have large matrix porosity and small permeability, while the fractures have small
porosity and large permeability. The matrix and fracture form two relatively independent
hydrodynamic systems with a fluid exchange between them. In 1985, Long et al. [19]
established a discrete fracture network model, which constructs an explicit fracture model
by spreading discrete fractures in 3D space, describing the fracture geometries and flow
behavior in realistic detail. The dual-media mathematical model and discrete fracture
network provide a theoretical basis for numerical simulation and well-testing techniques.

In carbonate reservoirs, there is a composite flow composed of free flow in large
pores and fractures, and seepage flow in small-scale pores. Kang et al. [20] established
a mathematical model of the pore–vug–fracture medium. In the model, caves and large
cracks are treated separately as discrete media, obeying the Navier–Stokes equation, and
small-scale pore–fracture–pore structures as continuous media, obeying Darcy equations.
The coupling between the free and seepage flow is realized through the interface equation.
Murad et al. [21] extended the BJS condition to fluid–solid coupling, considering the
impact of rock deformation under the basis of the Beavers–Joseph–Saffman condition.
Zhang et al. [22] proposed a flow–solid coupling calculation format for pore–fracture media
and applied FLAC3D software to perform numerical simulation studies. Huang et al. [23]
established a discrete fracture–vug flow–solid coupling mathematical model, where the Biot
equation is used in the seepage region of porous media and the fracture is dimensionally
reduced and solved by Galerkin finite element method. The N-S equation is used in the
vugs and solved by Taylor–Hood mixed element method. Two regions are coupled by
extending the BJS condition. Wang et al. [24] proposed a generalized multiscale finite
element and triple continuous media model combined with discrete fracture networks to
simulate the regional effect around fractures. Yan et al. [25] proposed an effective numerical
model to simulate the flow–solid coupling of porous media containing multiscale fractures.
A modified equivalent continuous medium model is used to model microcracks and pores,
while macroscopic cracks are modeled using an embedded discrete fracture model and
an unmatched grid. Yan et al. [14] established a digital 3D core model based on the CT
scan results of real cores from carbonate gas reservoirs in the Sichuan Basin. They used the
finite element method to simulate flow in the core, analyze the fluid flow under subsurface
conditions, and derive their flow laws.

In carbonate reservoirs, gas–water two-phase flow is widespread and complex. De-
scribing how two-phase fluids pass through porous media is key to the oil and gas recovery
problem. Unfortunately, the multiphase analysis is complicated because it needs to solve for
multiple dependent variables and various unknown quantities, including hydraulic prop-
erties that depend on the pressure and saturation levels of each fluid phase. Jiang et al. [26]
proposed a multiscale pore network modeling method for complex carbonate reservoirs.
They used the results of CT scans with different accuracies and a stochastic method to build
a small-size, high-precision micropore network. Then, they built large-size, low-precision
macropore networks by the numerical core reconstruction method and proposed a super-
position technique to couple the two methods. Finally, they used the superimposed pore
network model to simulate the oil–water flow and get the relative permeability curves of
small pores, large voids, and micropores. Liu et al. [27] established a fluid–solid coupling
model for studying two-phase porous free flow and geo-mechanics in fractured karst sys-
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tems, where Darcy’s law describes the fluid flow in the porous matrix and fracture network,
and free flow in the cavity is calculated using phase transient gravity separation.

In general, the solution strategies for flow problems in porous media can be grouped
into three categories (Figure 1), which depend on the resolution of the pore structure. The
first category is the pore–scale simulation based on the N-S equation, which requires an
accurate description of each pore structure to form a connected pore network. The second
type is the continuous-scale simulation based on Darcy’s law, which represents the fluid
flow in a porous medium as a continuous process using the overall average properties of
the porous medium. Each pixel represents a REV property, and the grayscale of the image
distinguishes different properties without describing the pore structure in detail. The third
one is a hybrid simulation method combining both. Due to the extremely heterogeneous
carbonate rocks and the development of pores and vugs, the first solution strategy is
unsuitable because geometric modeling is extremely difficult with many singular points,
triangular pieces, and pegs. Even if the modeling is successful with great efforts, hundreds
of millions of degrees of freedom are required for calculation. The second method is
rough with significant model simplifications and cannot yield detailed information on the
flow mechanism.
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based on N-S equation; (b) Continuous scale simulation based on Darcy’s law; (c) Hybrid simulations.

Therefore, we adopted the third strategy. Using the CT scan images of full-diameter
cores from the Sichuan basin and the results of conventional physical experiments of
cores, a 3D visualization model of the digital core was established. The flow patterns in
three different media of pores, vugs, and fractures were coupled by the finite element
method, which achieves a quantitative dynamic simulation of fluid flow in the subsurface.
The main research content consists of three parts: (1) Using carbonate reservoirs in the
Sichuan Basin as the research object, we use dual-energy CT to scan the pore–vug–fracture
structure of carbonate samples at different scales and quantify the reconstructed pore
space. With the help of 3D visualization software, we can characterize pore–vug–fracture
structures at different scales and classify reservoir types. (2) Using the CT scan images
of full-diameter cores from the Sichuan basin and the results of conventional physical
experiments of cores, a digital core 3D model is established. The finite element method is
adopted to couple the flow characteristics of fluids in three different media of pore, vugs,
and fractures. A quantitative dynamic simulation of fluid flow is thus achieved, which is
applied to a comprehensive analysis of flow patterns in four types of reservoirs, including
pore type, pore–fracture type, pore–vug type, and pore–fracture–vug type. (3) A strongly
heterogeneous multimedia gas–water two-phase flow simulation method was developed.
The density information in CT tomography images is assigned to the numerical calculation
model. Based on the constructed multimedia model, gas–water two-phase flow simulation
is carried out under different conditions of surrounding pressure, inlet water pressure, and
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gas pressure, and the variation of the outlet two-phase flow velocity with inlet gas pressure
and the motion of the two-phase interface are studied in carbonate rock samples.

2. Multiscale Pore–Vug–Fracture Characterization of Carbonate Rocks
2.1. Reservoir Characteristics in the Study Area

The study area is located in the northwestern part of the Sichuan basin, on the northern
margin of the Longmenshan prefold zone. In 2014, the ST1 well was deployed for the
Permian dolomite reservoir in northwestern Sichuan, and a dolomite gas reservoir was
discovered. Several high-production industrial gas wells have been drilled, in which the
main gas-production formation is buried at a depth of more than 7000 m. The formation
temperature is 158 ◦C, and the original formation pressure is 96 MPa, an ultra-deep, high-
temperature, high-pressure gas reservoir [28].

According to the analysis of the statistical results of the coring well data, the main
reservoir rock type is dolomite, which is brownish gray and light gray. The dolomite
grains are mainly medium and coarse crystals, semiautomorphic, partly other-shaped, or
automorphic. The main mineral composition is calcite, dolomite, and magnesite (Figure 2).
The basic physical properties (density, porosity, permeability, and saturation) of 1000 full-
diameter cores were counted in the study (Figure 3). The results showed that the density
of core specimens ranged from 2.4 to 2.9 g/cm3, with an average value of 2.7 g/cm3 and
Weibull distribution shape parameter m = 59. The porosity ranged from 0.90% to 8.88%,
with an average value of 2.48% and Weibull distribution shape parameter m = 1.64. The
permeability ranged from 0.002 to 10 mD, with an average value of 2.78 mD. The saturation
ranged from 8.2% to 83.4%, with a mean value of 32% and Weibull distribution shape
parameter m = 2.

1 

Figure 2. Photos of full-diameter cores and mineral composition.

Due to the tectonic fracture, rock formation, dissolution, and its later effects, the
carbonate medium differs significantly from the conventional clastic reservoir, and the
general fractured medium is different in terms of the morphology, distribution, and shapes.
According to the national standard “Classification of Natural Gas Reservoirs: GB/T26979-
2011”, the Lamp Four Group reservoir in Moxi 126 well belongs to low-porosity and
low-permeability reservoirs. Due to the wide variation of late modification effects of
carbonate reservoirs, the pore structure of the reservoir is quite complex. In terms of
pore size, small pores can only be observed with an electron microscope and measured in
microns; large vugs can reach a diameter of 100 m level, which causes the empty drilling
during the drilling process. The Lamp Four Group Moxi 126 well dolomite reservoirs have
multiple scales of pores and fractures developed. Each research tool can only characterize a
single type of structure in a specific scale range. Therefore, to recognize and evaluate the
carbonate reservoir types and pore–vug–fracture structures, it is necessary to investigate
the pore–vug–fracture characteristics and collocation relationships within multiple scales.



Energies 2022, 15, 3748 6 of 26

Energies 2022, 15, x FOR PEER REVIEW 6 of 26 
 

 

 

 

Figure 3. Basic physical properties of full diameter cores. The red line is the fitting curve of the 

Weibull distribution. 

Due to the tectonic fracture, rock formation, dissolution, and its later effects, the 

carbonate medium differs significantly from the conventional clastic reservoir, and the 

general fractured medium is different in terms of the morphology, distribution, and 

shapes. According to the national standard “Classification of Natural Gas Reservoirs: 

GB/T26979-2011”, the Lamp Four Group reservoir in Moxi 126 well belongs to 

low-porosity and low-permeability reservoirs. Due to the wide variation of late 

modification effects of carbonate reservoirs, the pore structure of the reservoir is quite 

complex. In terms of pore size, small pores can only be observed with an electron 

microscope and measured in microns; large vugs can reach a diameter of 100 m level, 

which causes the empty drilling during the drilling process. The Lamp Four Group Moxi 

126 well dolomite reservoirs have multiple scales of pores and fractures developed. Each 

research tool can only characterize a single type of structure in a specific scale range. 

Therefore, to recognize and evaluate the carbonate reservoir types and pore–vug–

fracture structures, it is necessary to investigate the pore–vug–fracture characteristics and 

collocation relationships within multiple scales. 

2.2. Test Methods and Samples 

A core image high-resolution acquisition instrument and Phoenix v 3D computed 

tomography system was used to study the development characteristics of pore–vug–

fracture structures in carbonate rocks. The system is manufactured by Phoenix, a 

subsidiary of General Electric, equipped with two types of probes, Micro-CT and 

Nano-CT. Micro-CT probes have high penetration capability and are used to scan full 

diameter cores to identify fractures, cavities, and large pores within cores. Nano-CT 

probes are used to scan plunger core samples or small cylindrical core samples to identify 

Figure 3. Basic physical properties of full diameter cores. The red line is the fitting curve of the
Weibull distribution.

2.2. Test Methods and Samples

A core image high-resolution acquisition instrument and Phoenix v 3D computed to-
mography system was used to study the development characteristics of pore–vug–fracture
structures in carbonate rocks. The system is manufactured by Phoenix, a subsidiary of
General Electric, equipped with two types of probes, Micro-CT and Nano-CT. Micro-CT
probes have high penetration capability and are used to scan full diameter cores to identify
fractures, cavities, and large pores within cores. Nano-CT probes are used to scan plunger
core samples or small cylindrical core samples to identify matrix pores and microfractures
within the sample. The scanning lamp voltage is 300 kV and the maximum power is 500 W.
The maximum voxel resolution is 0.3 µm.

For the characterization of cores at different scales, a total of 68 full-diameter core
samples (75 and 45 mm in diameter), 9 plunger core samples (13 mm in diameter), and
4 small cylindrical core samples (0.9 and 2 mm in diameter) were subjected to CT scanning
in the study. The selected samples cover four reservoir types: pore type, pore–fracture type,
pore–vug type, and pore–vug–fracture type, with porosity ranging from 0.06% to 10.1% and
a permeability ranging from 0.002 to 9.3 mD. The selected samples are consistent with the
reservoir physical properties of the Lamp Four Group in the Moxi 126 well. The relationship
between permeability and porosity of the carbonate samples is given in Figure 4. Unlike
granite and sandstone, there is no significant positive correlation between permeability and
porosity for the carbonate samples. The core permeability varies from 10−3 mD to 101 mD,
spanning four orders of magnitude. The cores can be classified into three categories based
on the core permeability.
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2.3. Principle of the Pore, Vug, and Fracture Classification

CT scanning technology can measure and describe the petrophysical parameters with-
out destroying the core, effectively analyzing the microstructure inside the reservoir and
studying the development and connectivity of pores, vugs, and fractures. It is very ef-
fective for understanding the internal characteristics of the reservoir. However, the raw
images obtained from CT scans only show grayscale images of different fault surfaces
of the samples, and a series of image processing is required to perform pore structure
analysis [29,30]. The characterization and analysis of pores, vugs, and fractures mainly
involve 3D pore reconstruction and segmentation, geometric parameter calculation, and
fracture–pore identification, which form a delicate reconstruction and identification tech-
nique of pore–vug–fracture structures for carbonate rocks. The 3D pore reconstruction
and segmentation mainly involves image filtering enhancement, image binarization, 3D
reconstruction, and pore segmentation based on the permeability comparison method for
the raw CT acquisition data.

According to the petroleum industry standard “Oil and Gas Reservoir Evaluation
Method: SY/T6285-2011”, the carbonate reservoir space can be divided into pores, fractures,
and cavities. Pore space refers to the void space with a similar spatial scale in three
directions and less than 2 mm. Similar to pores, cavities are voids with similar spatial scales
in three directions and larger than 2 mm. In contrast, a fracture is a void with a small scale
in one direction and a large scale in the other two directions, and the ratio is generally less
than 1/10. For the differentiation of pores, vugs, and fractures in the 3D reconstructed
model, the sphericity and the volume equivalent spherical radius are mainly selected, as
shown in Figure 5. Sphericity is a measure of how closely the shape of an object resembles
that of a perfect sphere. The sphericity of a pore is defined as the ratio of the surface area
of a sphere with the same volume as the given pore to the surface area of the pore, which
varies between 0 and 1. The sphericity of the standard sphere is 1. The narrower the pore,
the smaller the sphericity, characterizing fractures. The sphericity calculation formula is
as follows.

ψ =
As

Ap
=

3
√

36πV2
p

Ap
(1)

where ψ denotes the sphericity, As denotes the outer surface area of the sphere with the
same volume as the given pore, Ap denotes the outer surface area of the pore, and Vp
denotes the volume of the pore. The expression for the diameter of a volume equivalent
sphere can be written as

deq =
3

√
6Vp

π
(2)
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2.4. Quantitative Evaluation of Multiscale Pore–Vug–Fracture Structures Based on CT Data

The heterogeneity of carbonate reservoirs is mainly reflected in the distribution of
pores, vugs, and fractures, which are essential reservoir spaces and flow channels in
carbonate reservoirs. Characterizing and understanding the permeability characteristics
of carbonate reservoirs is the primary task of reservoir development. At present, various
technical means have been developed to characterize and understand the permeability
characteristics of carbonate reservoirs. However, only the distribution characteristics within
a specific scale can be portrayed at the characterization scale, ignoring the characteristics of
pore, vugs, and fractures in other scales. We characterized the heterogeneity of pores, vugs,
and fractures development in cores at different scales.

Figure 6 gives the distribution characteristics of pores, vugs, and fractures in cores of
different scales. For the sample with a core diameter of 75 mm, the CT test resolution is
75 µm, which can identify the collocation relationship between vugs, fractures, and large
pores. Most pores of this sample have equivalent pore diameters less than 2 mm, and a small
number of pores with equivalent diameters between 2 mm and 20 mm. The maximum pore
equivalent diameter is 15.55 mm. The volume of large vugs with the maximum equivalent
diameter of 15.55 mm and 15.32 mm accounts for the largest proportion, although the
number of vugs is small. For the sample with a core diameter of 45 mm, the CT test
resolution is 45 µm. Most pores of this sample have an equivalent pore diameter of less
than 1.2 mm, and a small number of pores with an equivalent diameter between 1.2 mm
and 8 mm. The maximum equivalent diameter is 6.81mm, and the volume share is also the
largest. For the sample with a core diameter of 13mm, the CT test resolution is 13 µm. Most
pores have equivalent pore diameters less than 500 µm, and a small number of pores with
equivalent diameters between 500 µm and 4000 µm. The maximum equivalent diameter is
3.72 mm. The volume share of pores with equivalent diameters of 3.68 mm and 3.72 mm
is the largest, although the number of corresponding pores is small. For the sample with
a core diameter of 2 mm, the CT test resolution is 1 µm. All pores have equivalent pore
diameters less than 2 mm. There are only pores, no fractures, and cavities. Most of the
equivalent diameters are less than 50 µm, and a small number of pores with equivalent
diameters between 50~300 m. The maximum equivalent diameter is 256 µm. The largest
proportion of pore volume has 202 µm and 256 µm equivalent diameters. For the sample
with a core diameter of 0.9 mm, the resolution of the CT test is 0.5 µm. All pores have
equivalent diameters less than 2 mm. There are only pores and no fracture and cavity.
Most pores have an equivalent diameter of less than 20 µm, and a small number of pores
with equivalent diameters between 20 µm~120 µm. The maximum equivalent diameter is
110 µm, and the volume share is also the largest. The number of small pores is the majority,
much more than the number of large pores in terms of quantity. In terms of volume, the
volume share of large-diameter pores is much larger than that of small pores. With the
decrease in core size, the diameter and porosity of pores, vugs, and fractures are decreasing.
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Figure 6. Distribution characteristics of pore–vug–fracture structures of cores at different scales.

Carbonate reservoirs develop different degrees of pores, vugs, and fractures, which
can be categorized as triple media in a broad sense. However, the storage and seepage
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characteristics vary widely depending on the scale and collocation relationships of pores,
vugs, and fractures. Therefore, it is of strong practical value to quantify and visualize the
collocation relationships of pores, vugs, and fractures on different scales. Figure 7 shows
the pore–vug–fracture relationships of representative cores at different scales, with red
indicating pores, blue indicating fractures, and green indicating cavities. The selected
representative cores cover three reservoir types: pore, pore–vug, and pore–vug–fracture.
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Figure 7. Spatial distribution of pores and cavities in representative cores at different scales (red
indicates pores, blue indicates fractures, green indicates cavities).

Regardless of the resolution, the pore network of all cores is not connected, even if the
CT resolution has reached 0.5 µm. This indicates that the carbonate matrix is particularly
dense, and the pores identified by CT are not intergranular voids produced during rock
crystallization, but rather intergranular solution pores produced by dissolution. Otherwise,
the pore distribution would not be so sparse and disconnected. The 45 mm and 75 mm
cores belong to the pore–vug–fracture type, where the distribution of pores and cavities
is relatively scattered, and the fractures are distributed in a network between pores and
cavities. Pores are the main storage space, and fractures are the main flow channels. The
13 mm cores belong to the pore–vug type, and the 1 mm and 0.9 mm cores belong to
the pore type. As the observed core scale increases, the proportion of fracture volume
increases, and the proportion of pore volume decreases. Affected by the lower limit of CT
resolution, some unidentified microfractures and fine throat channels should also exist in
the core samples, and the actual connectivity of cores should be better than the results of
conventional analysis.

Conventional reservoir type classification is mainly based on conventional logs, imag-
ing logs, and well-test curves. However, these tools mainly use distribution curves to
indirectly reflect the development of pores, vugs, and fractures in the reservoir and fail
to quantitatively portray the degree of their development and collocation relationship
among those structures. Therefore, the classification results are somewhat subjective. We
use the vug–fracture identification technology to classify the reservoir types of carbonate
gas reservoirs and use the CT data as the basis for the development of vug-fracture in
reservoir cores. Referring to the national standard “Classification of Natural Gas Reservoirs:
GB/T26979-2011”, the reservoir is classified into four types: pore type, pore–fracture type,
pore–vug type, and pore–vug–fracture type. The physical parameters of the cores obtained
from Lamp Four Group Moxi 126 well were counted according to the four reservoir type
classification criteria (Table 1). Figure 8 gives the statistics of the number of core structure
types at different scales. When the core diameter is 0.9 and 2 mm, all core structure types
are pore types; when the core diameter is 13 mm, 55% of the core structure types are
pore–vug types; when the core diameter is 45 mm, 78% of the core structure types are
pore–vug–fracture type; when the core diameter is 75 mm, 93% of the core structure types
are pore–vug–fracture type.
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Table 1. Core type classification.

Type Storage Space Vug Volume
Proportion

Fracture Volume
Proportion Porosity, %

Pore Pore <20% <10% 0.11~0.5
Pore–Fracture Pore, Fracture <20% ≥10% 0.3~0.78
Pore–Vug Pore, Vug ≥20% <10% 0.14~10
Pore–Fracture–Vug Pores, Fracture, Vug ≥20% ≥10% 0.51~5.19
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How can natural gas be produced consistently and steadily when the carbonate matrix
is dense and the poorly connected pore–vug–fracture network? Matthäi and Belayneh [31]
investigated the impact of the geometric arrangement of constant-opening fractures on
the effective permeability. We built a numerical model based on it, with a model size of
100 × 500 mm2, as shown in Figure 9. The matrix permeability is 0.1 mD, and the fracture
opening is 0.1 mm, satisfying the cubic law. The efficient permeability for the three working
conditions is 0.51 mD, 0.25 mD, and 0.35 mD, respectively. The cracks in Figure 9c are not
interconnected, but the efficient permeability is only 31% less than the fully penetrated case
(a). This result indicates that (1) poorly connected fractures can significantly increase the
permeability, and (2) fracture aggregation can increase the efficient permeability because it
reduces flow distance through the less permeable matrix.
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3. Simulation of Single-Phase Flow in Strongly Heterogeneous Carbonate Rocks
3.1. Characterization of Rock Nonuniformity Based on Digital Image Processing

In this section, the MATLAB program is used to process and reconstruct the images
to obtain the 3D images of the carbonate samples. Then, the images are imported into the
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numerical model to obtain the variation patterns of permeability and porosity. A numerical
cylinder model with the same scale as the specimen is constructed. The porosity is the same
based on the CT images of each layer, which means the numerical model and the specimen
have a one-to-one spatial mapping in porosity.

As one of the essential properties of rocks, porosity influences the permeability of
specimens and carbonate formations. The CT images contain pore features of the specimen
slice, so the pore information in the tomographic images needs to be extracted. The larger
the gray value of the pixel, the smaller the pore size of the sample cubes. The porosity
within the slice can be obtained by selecting the appropriate grayscale threshold. There
are various methods for determining the threshold value, most of which are based on a
combination of empirical and visual recognition. Those methods are lack wide applicability
and highly susceptible to human influence. Drawing on the results of Taud et al. [32] and
Zhu et al. [33], we define the initial porosity of the specimen as a function of the grayscale
as follows.

φ0 = 1− 0.99
ri

rmax
(3)

where ri is the grayscale value of each pixel point, varying between 0 and 1. rmax is the
maximum grayscale value. When the gray value ri = 0, φ = 1, and the small voxel represents
void; when the gray value ri = rmax, the small voxel refers to rock skeletons without any
pores; when the gray value is between the minimum and maximum, the voxel contains both
pores and rock skeletons. The porosity corresponds linearly to the gray value. Therefore, the
porosity magnitude of each pixel point in the tomographic image can be obtained, as shown
in Figure 10. The porosity is nonuniformly distributed in the numerical specimen, and the
porosity at the pore–vug–fracture structure is larger than in other locations. The technique
based on digital image processing can realize the characterization and quantification of the
strong heterogeneity of carbonate rocks. The generated data are imported into numerical
simulation software and provide the conditions for studying the simulation of single-phase
flow in strongly heterogeneous multiple media. The permeability of the specimen unit
is positively correlated with the porosity, and the larger the unit porosity, the larger the
corresponding permeability, with the initial permeability defined as [34,35]

k0 = aφb
0 (4)

where a and b are empirical parameters, which are taken as 1.46 × 103 and 4.5, respectively,
in this paper. Similarly, the relationship between porosity and rock modulus of elasticity
and density is

E = E0φ3
0 (5)

ρ = ρ0φ3
0 (6)

where E and E0 denote the modulus of elasticity of the rock and matrix, respectively, ρ and
ρ0 denotes the density of the rock and matrix, respectively.
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3.2. Numerical Simulation Results

The model couples the deformation and flow equations. The detailed derivation of
the mathematical model is listed in the Appendix A. The commercial software Comsol is
adopted for the numerical simulation in the single-phase and two-phase flow. We first check
the benchmark case with simple geometries to ensure the correctness of our settings. Then,
for more complex geometries, we have refined the mesh to reach convergence, especially
for contacting area between the fracture and matrix.

For a cylindrical specimen, a circumferential pressure is applied to the side of the
specimen and set to no fluid inflow or outflow, a particular pressure difference is applied at
both ends of the specimen, and prescribed pore pressure is applied in the solution domain.
The model is solved by the steady-state method. One of the numerical model parameters is
shown in Table 2.

Table 2. Parameters of the numerical model.

Parameter Value Unit

Matrix modulus of elasticity 60 GPa
Matrix density 2695 kg/m3

Poisson’s ratio 0.33 -
Biot coefficient 0.9 -
Natural gas kinetic viscosity factor under
standard conditions 1.38 × 10−5 Pa·s

Natural gas density under standard conditions 0.72 kg/m3

A 1.5 MPa pore pressure is applied at the bottom boundary, 1 atm pore pressure is
applied at the upper boundary, and the side surface is impermeable. The pore–vug–fracture
structure distribution in the numerical model is given in Figure 11. The Darcy velocity
distribution of the specimen is obtained by simulation. Figure 12 gives the distribution of
Darcy velocity along with the multiple internal slices of the carbonate rock sample. The
influence of the pore–vug–fracture structure causes local preferential and disturbed flow
in the core, which significantly affects the path distribution of fluid flow in the core, and
the flow velocity exhibits nonuniformity. The flow lines converge toward the pore, vugs,
and fractures with high flow velocity and can increase the core permeability by several
orders of magnitude. The pore–vug–fracture structure constitutes a dominant flow channel,
which is the key to effectively improving the permeability of the core. Under the same
experimental conditions, the flow velocity decreases with the reduction of specimen size.
The pore pressure distribution is given in Figure 13. Unlike the homogeneous model, the
pore pressure contours are significantly nonlinear. Since the heterogeneity of specimen
porosity and permeability is considered by digital image processing, the unit permeability
and porosity are the same. The larger the porosity, the larger the permeability. Therefore,
the overall permeability of the specimen is a comprehensive reflection of the permeability
of many microelements in the specimen. The specimen permeability can be back-calculated
by the area integral for the flow rate at the top of the specimen. Table 3 compares the core
permeability calculation results and the experimental results, which are in good agreement.

Table 3. Comparison between simulated results of core permeability and experimental results.

Sample Permeability
(Experiment), mD

Permeability
(Simulation), mD

Relative
Discrepancy, %

C1 0.67 0.65 2.99
C2 0.54 0.52 3.70
C3 0.34 0.32 5.88
C4 0.28 0.27 3.57
C5 0.22 0.22 0
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Next, we investigate the effect of pore pressure and surrounding pressure on perme-
ability. Pore pressure varies from 10 to 40 MPa, and the surrounding pressure is 40 MPa,
50 MPa, and 60 MPa. Figure 14 shows the permeability variation curves with pore pressure
and surrounding pressure. In the pressure interval of this paper, the permeability increases
with the increase of pore pressure, which is because the pore pressure makes the volume of
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the pores, vugs, and fractures in the specimen increase, i.e., the size of the flow channels in
the specimen increases, and the permeability of the specimen increases. The permeability
decreases with the increase of the surrounding pressure because the volume of the specimen
decreases with the increase of the surrounding pressure, and the volume of the pores, vugs,
and fractures in the specimen also decreases with the increase of the surrounding pressure,
which makes the permeability of the specimen decrease.

Energies 2022, 15, x FOR PEER REVIEW 15 of 26 
 

 

  

(a) (b) 

  

(c) (d) 

 

(e) 

Figure 12. Velocity distribution (unit: m/s). (a) Sample C1; (b) Sample C2; (c) Sample C3; (d) Sample 

C4; (e) Sample C5 
Figure 12. Velocity distribution (unit: m/s). (a) Sample C1; (b) Sample C2; (c) Sample C3; (d) Sample
C4; (e) Sample C5.



Energies 2022, 15, 3748 16 of 26Energies 2022, 15, x FOR PEER REVIEW 16 of 26 
 

 

  
(a) (b) 

  
(c) (d) 

 
(e) 

Figure 13. Pore pressure distribution diagram (unit: Pa). (a) Sample C1; (b) Sample C2; (c) Sample 

C3; (d) Sample C4; (e) Sample C5. 

Table 3. Comparison between simulated results of core permeability and experimental results. 

Sample 
Permeability  

(Experiment), mD 

Permeability  

(Simulation), mD 

Relative  

Discrepancy, % 

C1 0.67 0.65 2.99 

C2 0.54 0.52 3.70 

C3 0.34 0.32 5.88 

C4 0.28 0.27 3.57 

C5 0.22 0.22 0 

Next, we investigate the effect of pore pressure and surrounding pressure on 

permeability. Pore pressure varies from 10 to 40 MPa, and the surrounding pressure is 40 

MPa, 50 MPa, and 60 MPa. Figure 14 shows the permeability variation curves with pore 

pressure and surrounding pressure. In the pressure interval of this paper, the 

Figure 13. Pore pressure distribution diagram (unit: Pa). (a) Sample C1; (b) Sample C2; (c) Sample
C3; (d) Sample C4; (e) Sample C5.



Energies 2022, 15, 3748 17 of 26

Energies 2022, 15, x FOR PEER REVIEW 17 of 26 
 

 

permeability increases with the increase of pore pressure, which is because the pore 

pressure makes the volume of the pores, vugs, and fractures in the specimen increase, i.e., 

the size of the flow channels in the specimen increases, and the permeability of the 

specimen increases. The permeability decreases with the increase of the surrounding 

pressure because the volume of the specimen decreases with the increase of the 

surrounding pressure, and the volume of the pores, vugs, and fractures in the specimen 

also decreases with the increase of the surrounding pressure, which makes the 

permeability of the specimen decrease. 

 

Figure 14. Variation curve of permeability with pore pressure and surrounding pressure (a) Sample 

C1, (b) Sample C2, (c) Sample C3, (d) Sample C4. 

4. Simulation of Gas–Water Two-Phase Seepage in Heterogeneous Carbonate Rocks 

In carbonate gas reservoirs, gas–water two-phase flow is widely present. For 

single-phase flow problems, the flow patterns in the two regions are relatively simple 

and can be written as uniform flow patterns. The establishment of their mathematical 

models mainly depends on the determination of the interface conditions. However, for 

unmixed two-phase flow and multiphase flow, the determination of the flow pattern in 

the two regions directly affects the establishment of the mathematical model. It directly 

impacts the determination of the boundary conditions at the intersection. The flow 

pattern is more complicated when considering the pore–vug–fracture structure. This 

section aims to establish a set of numerical models to study the two-phase flow 

characteristics of the pore–vug–fracture medium based on the strong heterogeneous 

multiple media flow model so that the two-phase fluid flow and its flow state in the 

pore–vug–fracture medium can be correctly described and predicted. 

Figure 14. Variation curve of permeability with pore pressure and surrounding pressure (a) Sample
C1, (b) Sample C2, (c) Sample C3, (d) Sample C4.

4. Simulation of Gas–Water Two-Phase Seepage in Heterogeneous Carbonate Rocks

In carbonate gas reservoirs, gas–water two-phase flow is widely present. For single-
phase flow problems, the flow patterns in the two regions are relatively simple and can
be written as uniform flow patterns. The establishment of their mathematical models
mainly depends on the determination of the interface conditions. However, for unmixed
two-phase flow and multiphase flow, the determination of the flow pattern in the two
regions directly affects the establishment of the mathematical model. It directly impacts
the determination of the boundary conditions at the intersection. The flow pattern is
more complicated when considering the pore–vug–fracture structure. This section aims
to establish a set of numerical models to study the two-phase flow characteristics of the
pore–vug–fracture medium based on the strong heterogeneous multiple media flow model
so that the two-phase fluid flow and its flow state in the pore–vug–fracture medium can be
correctly described and predicted.

4.1. Simulation of Gas–Water Two-Phase Seepage

The detailed derivation of the mathematical model is listed in the Appendix A. The
setup of the numerical model is introduced in this section. The surrounding pressure is
fixed at the model boundary, and axial stresses are set 10 MPa, 20 MPa, and 30 MPa, the
initial water saturation is 1, and the residual water saturation is 0.05. The outlet fluid
pressure is 0, and the two sides are zero flux boundaries. The gas phase is forced through
the specimen. Two types of tests were performed depending on the magnitude of the inlet
fluid pressure: (a) inlet gas pressure = inlet water pressure (pg = pw) and (b) pg 6= pw. The
parameters required for the numerical model are given in Table 4.
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Table 4. Numerical model parameters.

Parameter Value Unit

Matrix modulus of elasticity 60 GPa
Matrix density 2695 kg/m3

Poisson’s ratio 0.33 -
Biot coefficient 0.9 -
Water kinetic viscosity factor 1 × 10−3 Pa s
Water density 1000 kg/m3

Natural gas kinetic viscosity factor under standard conditions 1.38 × 10−5 Pa s
Natural gas density under standard conditions 0.72 kg/m3

4.2. Simulation Results

Because the outlet gas velocity is significantly higher than the outlet water velocity,
the logarithmic axis is chosen as the outlet water velocity to improve the clarity. First, we
fix the inlet water pressure pw and gradually increase the inlet gas pressure pg. For the
results shown in the Figure 15, the specimen is first saturated with water, and the inlet
water pressure pw is kept at a constant value of 200 kPa, and then the natural gas injection
is started and gradually increased (i.e., the inlet gas pressure pg = 200 kPa, 225 kPa, 250 kPa,
275 kPa, 300 kPa, and 325 kPa). The outlet gas and water flow rates are measured when
each operating condition reaches a steady state. Figure 15 plots the outlet water and gas
velocities with inlet gas pressure based on the steady-state two-phase flow rates. The
bottom horizontal axis of the figure shows the inlet gas pressure, and the corresponding
outlet gas velocity is given on the top horizontal axis. The corresponding outlet water
velocity is given on the left vertical axis. It can be seen that the outlet gas velocity is very
high compared to the outlet water velocity because of the effect of the relative permeability
and the low viscosity of the natural gas. For a given surrounding pressure, the outlet
gas velocity increases, and the outlet water velocity decreases as the inlet gas pressure
increases. The gas phase occupies more and more pore space in the rock. We also discuss
the effects of the surrounding pressure and multiscale specimens on the two-phase flow.
The surrounding pressure leads to the closure of the pore, vugs, and fractures, leading
to a decrease in the two-phase flow velocity. As the surrounding pressure increases, the
velocities of both the outlet gas and water decrease. As the sample size decreases, the
velocities of both outlet gas and water increase.

Next, we consider the case of equal inlet water and gas pressure, i.e., pw = pg. Figure 16
shows the variation in water and gas outlet velocity with inlet gas pressure. The specimen
is first saturated with water at a given inlet water pressure. Then start injecting gas and
make the inlet gas pressure equal to the inlet water pressure. Measure the gas and water
flow rate after a steady state. Under a prescribed surrounding pressure, the two-phase
outlet velocity is small with lower inlet gas and water pressure. As the inlet gas and water
pressure increase, the two-phase outlet velocity increases. The outlet gas velocity is always
greater than the outlet water velocity regardless of the inlet pressure. With the increase of
the surrounding pressure, the two-phase outlet velocity decreases.

Figure 17 provides the process of the gas phase displacing the aqueous phase for
different size specimens (blue for the aqueous phase, red for the natural gas phase,
pc = 10 MPa, pg = 325 kP, pw = 200 kPa). It can be seen that with the increase of gas
injection volume, the nonwetting phase expels the wetting phase from the porous medium
with a stable displacement front. The injected gas can flow faster toward the outlet due to
the influence of the pore–vug–fracture structure, causing the nonlinearity of the displace-
ment front velocity.
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5. Conclusions

In this paper, characterizations of multiscale pore–vug–fracture structures of carbonate
reservoirs were carried out for low-porosity, strongly heterogeneous carbonate reservoirs.
The single-phase and gas–water two-phase flow models in strongly heterogeneous multiple
media were established based on digital image processing. The permeability characteristics
and single-phase and multiphase fluid flow behaviors of carbonate rocks at different scales
are systematically studied. The following main conclusions were obtained.

(1) The carbonate rocks are highly heterogeneous and have developed pores, vugs, and
fractures, resulting in no significant correlation between permeability and porosity.
The maximum equivalent diameter of pores has an approximate positive correlation
with porosity. Multiscale CT scans show that the pore network of the cores is not
connected even when the resolution reaches 0.5 µm, which indicates that the carbonate
matrix is particularly dense. However, even poorly connected fractures can increase
permeability. Fracture aggregation can increase efficient permeability by reducing
flow distance through the less permeable matrix.

(2) The simulation of single-phase flow in strongly heterogeneous multiple media is car-
ried out based on the digital image model. Results show that the pore–vug–fracture
structure causes local preferential and disturbed flow in the core, which significantly
affects the fluid flow path and pressure distribution in the core. The overall perme-
ability of the specimen is a comprehensive representation of the permeability of many
microelements in the specimen, and the core permeability calculation results are in
good agreement with the experimental results. In the pressure interval of this paper,
the permeability increases with the increase of pore pressure and decreases with the
increase of surrounding pressure.
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(3) The simulation of gas-water two-phase flow in strongly heterogeneous multiple media
is carried out based on the digital image model. The variation law of the two-phase
outlet flow velocity with the inlet gas pressure and the motion law of the two-phase
interface of carbonate rock samples are obtained. Under certain surrounding pressure,
the outlet gas velocity is larger than the outlet water velocity. With the increase of
the inlet gas pressure, the pore space occupied by the gas phase in the rock becomes
larger and larger. With the increase of the surrounding pressure, the velocities of
both outlet gas and water decrease. As the sample size decreases, both outlet gas and
water velocities increase. The injected gas can flow faster toward the outlet due to the
influence of the pores, vugs, and fractures, causing a nonlinearity in the velocity of
the displacement front.
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Appendix A

Appendix A.1. Mathematical Model of Flow–Solid Coupling in Pore–Vug–Fracture Structure

In this paper, although the nonuniform distribution of the mechanical parameters of
the rock material is considered, it is assumed that they satisfy the theory of elasticity, and
the deformation satisfies the following static equilibrium equation for individual mineral
particles [36]

Gui,jj +
G

1− 2ν
uj,ji − αp,i + Fi = 0 (A1)

where G denotes the shear modulus, ui (i = x, y, z) denotes the displacement, Fi denotes the
i-directional body force component, p is the gas pressure, and α is the effective pressure
coefficient (Biot coefficient).

Based on the continuous medium assumption, the flow equation is considered an
equivalent continuous model when deriving it, and different nodes and unit locations
in the model are assigned different permeability to distinguish between pores, fractures,
cavities, and matrices. Based on the mass conservation law, the continuity equation of gas
seepage (mass conservation equation) can be expressed as

∂

∂t
(
φρg

)
+∇ ·

(
ρgqg

)
= Qs (A2)

where φ is the porosity, ρg is the gas density, qg is the Darcy velocity, and Qs is the sink term.
Assuming that the gas satisfies the ideal gas law and the temperature keeps constant,

the gas density can be expressed as

ρg =
p
pa

ρga (A3)

where p is the gas pressure and pa and ρga are the gas pressure and density under the
standard conditions.

Assuming that the gas flow process conforms to Darcy’s law, and also assuming that
the gravitational effect is relatively small and can be neglected, Darcy’s velocity can be
expressed as

qg = − k
µ
∇p (A4)
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where k is the permeability and µ is the dynamic viscosity coefficient of the gas. Bringing
Equations (A3) and (A4) into Equation (A2), we get.

φ
∂p
∂t
−∇ ·

(
k
µ

p∇p
)
=

pa

ρga
Qs (A5)

During the flow process, the deformation of the rock causes a change in porosity. The
change in porosity can be defined as [37].

φ = φ0 + εv (A6)

where φ0 is the initial porosity and εv is the volume strain. This equation means that the
decrease/increase in porosity is caused by the overall contraction/expansion of the rock.
Furthermore, the change in porosity causes a change in permeability, which is related
to [38].

k = k0

(
φ

φ0

)3
(A7)

where k0 is the initial permeability.

Appendix A.2. Gas–Water Two-Phase Fluid-Solid Coupling Mathematical Model

Appendix A.2.1. Force Balance Equation

In the coupled model, all relevant variables are averaged over a representative element
volume, and the equilibrium equation is expressed as

σij,j + Fi = 0 (A8)

where σij is the stress tensor (i, j = x, y, z) and Fi is the body force. The strain–displacement
relationship is expressed as

εij =
1
2
(ui,j + uj,i) (A9)

where εij is the strain tensor and ui is the displacement vector. The average pressure of the
model can be estimated as the weighted average pressure of oil and water, defined as

pav = Sw pw + Sg pg (A10)

where Sw and Sg are water saturation and natural gas saturation, respectively; pw and pg
are water pressure and natural gas pressure, respectively. The effective stress tensor is
expressed as [39]

s′ ij = sij + a(Sw pw + Sg pg)dij (A11)

where δ is the Kronecker symbol; α is the Biot coefficient. The two-phase fluid–solid
coupling equilibrium equation can be rewritten in the form of the Navier equation

Gui,jj +
G

1− 2ν
uj,ji − aSw ,i pw − aSw pw,i − aSg ,i pg − aSg pg,i + Fi = 0 (A12)

Appendix A.2.2. Gas–Water Two-Phase Flow Equation

The masses of water and natural gas are described as

mw = Sw f rw (A13)

mg = Sgφρg (A14)

where mw and mg are the masses of water and natural gas, respectively; φ is the rock
porosity; ρw and ρg are the densities of water and natural gas, respectively. Sw and Sg are
the saturation of water and natural gas, respectively. Based on the mass balance equation for
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a single-phase fluid, the mass conservation equation for the water–gas system is expressed
as [40]

∂mw

∂t
+∇ · (ρqw) = Qsw (A15)

∂mg

∂t
+∇ · (ρqg) = Qsg (A16)

An extension of the single-phase Darcy’s law leads to the two-phase Darcy’s law [41].

qw = − kkrw

µw
(∇pw − ρwg) (A17)

qg = −
kkrg

µg
(∇pg − ρgg) (A18)

where k is the absolute permeability of the rock; krw and krg are the relative permeabilities
of water and natural gas, respectively; g is the gravitational acceleration vector. Relative
permeability is a key parameter to describe the relative flow patterns of multiphase fluids in
porous media. Usually, people use the empirical relationship between relative permeability
and the wetting saturation for model solving [39]

krw =

(
Sw − Swi
1− Swi

)m1

(A19)

krg = kmaxp

(
1− Sw

1− Swi

)m2

(A20)

Swi ≤ Sw ≤ 1 (A21)

where Swi is the residual water saturation (0.05); kmaxp is the maximum oil phase saturation
(0.95); m1 and m2 are the model parameters, taken as 0.85 and 4.67, respectively.

At each time step, the sum of water saturation and oil saturation should be 1, so the
auxiliary equation for saturation is shown below.

Sw + Sg = 1 (A22)

When considering the interfacial tension between the aqueous and oil phases, capillary
pressure is defined as the difference in pressure between the two fluid phases.

pc = pg − pw (A23)

In this paper, the conventional capillary pressure model (VG model) proposed by van
Genuchten is used to relate the aqueous phase saturation to the capillary pressure [42].

Swe =
[
1 + (α0hc)

N
]−M

(A24)

where hc is the head of capillary pressure (hc = pc/ρwg), N and M are model parameters,
and Swe is the effective saturation of the aqueous phase, defined as

Swe =
Sw − Swi
1− Swi

(A25)
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