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Abstract

:

To mitigate dangerous climate change effects, the 195 countries that signed the 2015 Paris Agreement agreed to “keep the increase in average global surface temperature below 2 °C and limit the increase to 1.5 °C” by reducing carbon emissions. One promising option for reducing carbon emissions is the deployment of carbon capture, utilization, and storage technologies (CCUS) to achieve climate goals. However, for large-scale deployment of underground carbon storage, it is essential to develop technically sound, safe, and cost-effective CO2 injection and well control strategies. This involves sophisticated balancing of various factors such as subsurface engineering policies, technical constraints, and economic trade-offs. Optimization techniques are the best tools to manage this complexity and ensure that CCUS projects are economically viable while maintaining safety and environmental standards. This work reviews thoroughly and critically carbon storage studies, along with the optimization of CO2 injection and well control strategies in saline aquifers. The result of this review provides the foundation for carbon storage by outlining the key subsurface policies and the application of these policies in carbon storage development plans. It also focusses on examining applied optimization techniques to develop CO2 injection and well control strategies in saline aquifers, providing insights for future work and commercial CCUS applications.
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1. Introduction


1.1. Carbon Capture, Utilization, and Storage (CCUS)


The development of carbon capture, utilization, and storage (CCUS) technology has become a major focus in recent years due to increasing concerns about CO2 emissions [1]. CCUS technology is widely regarded as one of the most important technological solutions for reducing carbon emissions, combating climate change, and transitioning to a carbon-neutral future [2,3,4,5]. According to the International Energy Agency (IEA), CCUS technology will contribute to the clean energy transition in several ways. Firstly, it will reduce emissions from existing energy infrastructure and industrial facilities that would otherwise emit 600 billion tonnes of CO2 over the next five decades. Secondly, it will reduce carbon emissions from the hard-to-debate heavy industry sector, which currently accounts for nearly 20% of total global CO2 emissions. Moreover, CCUS represents a cost-effective roadmap technology that will enable the rapid expansion of low-carbon hydrogen production, which is crucial to meet current and future demand. In fact, hydrogen demand is projected to increase sevenfold by 2070 in the context of the sustainable development scenario. By integrating CCUS technology, up to 40% of the hydrogen demand will be produced from fossil fuels and can be made carbon-free [6]. Therefore, it can be said that CCUS is an important technology to mitigate the large amounts of emissions from energy infrastructures and heavy industry and it acts as a bridging technology for the transition to alternative carbon-free fuels while maintaining a circular economy.



CCUS involves the indirect capture of carbon dioxide from emission-intensive facilities, such as power plants and industrial facilities that use fossil fuels or biomass, or directly from the atmosphere [7]. Since CO2 capture plays an important role in many industrial processes, commercial technologies for capturing or separating CO2 from flue gas streams have long been available [8,9,10,11]. These technologies include physical absorption and adsorption [12], which are the most popular capture systems today, while more complex capture methods include membranes [13,14] and chemical or calcium looping [15,16]. Once CO2 is captured, it is compressed and transported by two main methods. On a large scale, CO2 is transported via pipelines and ships, while over short distances and in small quantities it is transported by trucks or rails, albeit at a higher cost per tonne [7,17,18]. Subsequently, it may be utilized in a direct form as a heat transfer fluid (e.g., refrigerant) or yield booster (e.g., fertilizer) and it also may be used indirectly by converting CO2 into fuels, chemicals, or building materials through biological and chemical processes [19]. Alternatively, it may be permanently stored in underground porous formations [20]. Figure 1 illustrates CCUS technology options, highlighting both usage and storage pathways.



Although CO2 can be considered as valuable commodity and raw material, the global CO2 utilization is estimated at 230 million tonnes per annum [21] (Mtpa), corresponding to a fraction of approximately 1% of the annual global energy-related carbon emissions. In addition, CO2 conversion processes are still extremely energy-intensive technologies that are not yet ready for commercial-scale deployment [22]. Accordingly, it can be argued that the utilization of CO2 in the two forms (direct and indirect) does not yet constitute a main pillar in emission reduction, hereafter mitigating the impact of climate change.



The alternative CCUS technology option involves the permanent geological storage of captured CO2 in deep rock formations, thereby removing it from the atmosphere. Typically, a geological structure or formation qualifies as a carbon dioxide storage site when it incorporates certain geological characteristics. The fundamental conditions for a formation to be selected as a suitable carbon storage site are that it forms a pore unit of sufficient capacity to store intended CO2 volume and pore interconnectivity, allowing the injection of CO2 at the rate that it is supplied. In addition, the presence of an extensive cap rock or barrier located at the top of the formation is needed to retain the CO2 injected, prevent unwanted migration, and ensure long-term containment [23].




1.2. Geological Storage


The available geological storage options include storage in deep saline aquifers, which refer to any saline water-bearing formation (CO2-Saline) [24], storage with enhanced oil recovery (CO2-EOR/CO2-EOR+) [25], storage with enhanced gas recovery (CSEGR/CO2-EGR) [26], and storage in depleted oil or gas fields (CO2-depleted fields) that are no longer profitable in terms of oil and gas production [27]. Figure 2 depicts the four options for carbon storage in offshore environments. Although the figure focuses on offshore environments, it is worth noting that all of these options can also be applied onshore.



Deep saline aquifers are shown to exhibit the greatest storage potential, with an estimated global storage capacity ranging between 400 and 10,000 gigatonnes of CO2 [28]. The technical and commercial feasibility of CO2 storage in saline aquifers has been demonstrated in several large-scale commercial projects at various locations worldwide [29]. For instance, the Sleipner project in the North Sea is considered the first commercial CCS project in saline aquifers since 1996, with an injectivity capacity of approximately 1 million tonnes/year [30]. The Gorgon project in Australia is one of the largest operational CO2 sequestration projects, storing an average of 3.5 million tonnes of CO2 per year in the Dupuy saline formation [31].



The CO2-EOR technique involves injecting carbon dioxide into oil reservoirs for the purpose of enhancing oil recovery after depletion and a water flooding period, thus initiating miscibility effects that boost production [32,33]. This technique has been carried out on a commercial scale for almost 50 years and accounts for 20% of the incremental recovery achieved using EOR methods [34]. Nevertheless, since most of the injected CO2 remains trapped within the formation and, therefore, is not produced back to the surface along with the produced reservoir fluids, there is permanent underground CO2 storage. According to the IEA, today’s CO2-EOR injection process results in the injection of 300 to 600 kg of CO2 per barrel of oil in the United States, while an oil barrel emits about 500 kg of CO2 over its lifecycle (production, processing, transportation, and combustion). As a result, it is reasonably argued that CO2-EOR opens up the possibility that an oil barrel’s lifecycle may become carbon neutral and possibly carbon negative, depending on the boundaries of the analysis and the CO2 origin. For this reason, in 2015 IEA published one of the most detailed analyses of the feasibility of combining CO2-EOR with carbon storage by naming the process CO2-EOR+. Three scenarios to achieve carbon storage in CO2-EOR operations are identified, namely CO2-EOR+ conventional, advanced, and/or maximum recovery, depending on the physical and chemical characteristics of the oil in place [35].



Another promising CCUS storage option is carbon storage with enhanced gas recovery (CSEGR/CO2-EGR). This technique promotes the permanent sequestration of carbon dioxide and enhances the extraction of natural gas. CSEGR aims to inject CO2 into depleted gas reservoirs to repressurize and displace the remaining natural gas that is hard to exploit using conventional techniques [36,37]. The advantage of this method relies on the permanence of storage, as CO2 leakages are highly unlikely since the storage performance of the field has been proven [38].



Finally, depleted oil fields can be used to store carbon dioxide when the economic limit of the field has been reached either by primary recovery mechanisms or by secondary/tertiary recovery methods (e.g., CO2-EOR and/or CO2-EOR+). The major advantage of using partially or fully depleted oil and gas fields as carbon storage sites over others is the abundance of data and know-how acquired over the field cycle (exploration, exploitation, and production phases) [27]. In addition, the ability to reuse and/or repurpose existing oil and gas infrastructure (i.e., platforms and wells) for carbon storage reduces capital and decommissioning costs and minimizes investment risks and environmental impacts, thus forwarding the circular economy.




1.3. Injection Strategies: Reservoir Characterization and Underground Storage Policies


In order to deploy CCUS technology on a large scale in saline aquifers or hydrocarbon fields, a technically sound, safe, and cost-effective CO2 injection strategy must be developed while ensuring maximum storage capacity and site integrity [39]. Achieving this goal requires accurate characterization of the storage site and reservoir, which is a complex process that involves several steps. The process begins with a screening step to identify potential sites based on geologic and environmental criteria. Once potential sites are identified, a detailed site characterization is performed, which includes a comprehensive assessment of subsurface geology, geomechanics, hydrogeology, and other factors. Figure 3 provides an overview of the characterization and evaluation of the potential storage complex and surrounding area within the legal framework of Directive EU CCS (2009/31/EC), Annex I.



Although site and/or reservoir characterization is a crucial process in implementing carbon storage, it poses several challenges that must be addressed to ensure successful and safe carbon storage operations and designs. These challenges can be classified into three main clusters: a lack of subsurface data, uncertainty in subsurface parameters, and complex subsurface geology. Advanced data acquisition and interpretation techniques can mitigate the lack of subsurface data while updating subsurface parameters as new data becomes available and can address uncertainty in subsurface parameters. On the other hand, numerical simulation and modeling using computational fluid dynamics (CFD), perhaps coupled with reactive transport simulations to cover in situ geochemical reactions, can address complex subsurface geology. Reservoir simulations using CFD are, therefore, necessary to estimate with reasonable accuracy the field storage capacity and the behavior of the CO2 under reservoir conditions during all phases of the CCUS project (injection/operation, closure, and post-closure). Additionally, simulations are used to capture any CO2 leaks and/or migration to the surrounding area or the existing storage complex within a radius of at least 1 km. Therefore, a thorough reservoir characterization and numerical reservoir simulation tool can provide the means to understand the impact of different injection strategies effect on (1) the field dynamic storage capacity, (2) the CO2-entrapped fraction by each trapping mechanism active at both the microscopical and macroscopical scale, (3) the field and caprock pressures, and (4) the sweep efficiency and field integrity. This understanding can, therefore, help design a viable and technically competitive injection strategy that maximizes dynamic storage capacity while maintaining a reasonable risk assessment and monetary value.



Numerical approaches have revolutionized the simulation of carbon storage by capturing various mechanisms that can be encountered at the reservoir scale such as structural, dissolution, and residual trapping. These models can predict the extent and size of the CO2 plume throughout the CCUS project phases including injection, closure, and post-closure [40,41]. Although some modeling and computational issues are still under investigation, such as grid resolution on a range of processes that take place when CO2 is injected into a reservoir, several researchers have compared the performance of carbon storage simulations against field data. They demonstrated that, with minor calibrations and/or adjustment of simulation model parameters, a reasonable prediction of the storage performance of CO2 can be obtained. Xu et al. [42], Doughty et al. [43], Daley et al. [44], and Hovorka et al. [45] used vertical seismic profiling, cross-well seismic, and observation well data from the Frio experiment to confirm the simulated prediction performance of the plume distribution and migration. Doughty et al. [43] even demonstrated that reasonably accurate model predictions can be achieved with manual history matching. On the other hand, Singh et al. [45] performed a fine calibration of the relative permeability curves used in the North Sea Sleipner project simulation model. This resulted in a reasonably good fit of the predicted CO2 plume size and spreading performance of the CO2 with that observed in seismic profiles. Therefore, the developed CFD simulation techniques can be said to be mature enough to model large-scale carbon storage reservoirs with reasonable accuracy. Therefore, this provides a means to determine storage capacity, evaluate the performance under various injection strategies, and model the behavior of CO2 in the short and long term.



Additionally, reactive transport simulations that consider complex geochemical reactions are important for investigating the security of carbon sequestration, as carbon injection can cause geochemical alterations and deformations in various subsurface regions, including the caprock, storage formation, wellbore, and underlying water aquifers. These reactions depend on the mineral type, rock mineralogy, and brine composition. Dai et al. [46,47] thoroughly reviewed the key geochemical reactions and corresponding quantitative assessment methods that describe the associated sequestration capacity and safety, identifying uncertainties and technical gaps. Although geochemical processes have not received enough attention when it comes to modeling CO2 injection at the field scale, which is mainly due to the long timescale for reactions, which makes their potential effects ignorable during a relatively short time period (a typical injection period of 30–40 years), Soltanian et al. [48] performed a high-resolution numerical simulation study in a fully coupled multiphase flow and multicomponent reactive transport framework for the Cranfield CO2 injection pilot project. They showed that small changes in petrophysical properties can significantly affect migration in subsurface systems, but the impact varies depending on the dominant reactions and the geologic setting. Additionally, they emphasized that the proper consideration of boundary conditions and the accurate capture of domain geometry are important for simulation studies, especially in tilted domains where fluid flow may be influenced by gravity.



Although it is crucial to accurately model the evolution of CO2 plumes and in situ geochemical reactions, it is equally as important to establish fundamental subsurface engineering policies for safe and efficient carbon storage operations. These policies should form the basis for underground carbon storage application, in particular carbon injection schedules and/or well control strategies, and account for potential subsurface risks that can be encountered, long-term containment, and the technical viability of storage operations. For instance, handling the pressure build-up caused by CO2 injection constitutes a major risk that must be considered when injecting CO2 underground, thereby when designing the injection schedule of a given storage site. The concept of pressure management is not new in reservoir engineering, as the injection of fluids, such as water or gas, into hydrocarbon reservoirs to maintain field pressure in secondary recovery applications is a common practice applied for decades [48]. Nevertheless, unlike hydrocarbon reservoirs, when injecting CO2 into saline aquifers where the porous medium is already occupied with incompressible fluids (brine solution), pressure build-up takes place quite quickly which, if uncontrolled, may lead to high pressures that can fracture the caprock, reactivate faults, open natural or artificial conduits and channels that promote CO2 leakages, and even drive both CO2 and formation brine to shallow water-supply aquifers [49,50,51,52,53,54], as illustrated in Figure 4.



For instance, potential conduits for vertical CO2 movement in the form of fluid chimneys in the Utsira Formation at the Sleipner project were recognized, and sequential surveys were conducted to ensure that no excess of pressure resulted in CO2 migration to the upper layers [56,57]. Therefore, pressure management is one critical policy that must be accounted for when designing the injection schedule of a given storage site. Other policies correlate to the long-term underground containment of CO2 injected such as storage security, the integration of the CO2-EOR application objective to integrate carbon storage by maintaining a trade-off among two technically conflicting objectives, and ensuring high storage efficiency for CO2-EGR applications.




1.4. Injection Strategies: Challenges and Optimization Approaches


Effective implementation of subsurface engineering policies is crucial for the safe and efficient storage of CO2 in geological formations. However, it is important to note that the implementation of these policies can significantly limit the site operator’s ability to store significant amounts of CO2. For instance, the ability to store CO2 in saline aquifers can be dramatically reduced due to the pressure build-up encountered during the injection [58]. In such cases, the only controlling factors are the injection rates or wellhead pressure decrease. Furthermore, integrating additional technical policies, such as enhancing long-term containment and security, can further reduce the effective storage capacity of a given site. As a result, adopting one or more engineering policies when designing a CO2 injection strategy may result in a reduction in storage capacity, which can make it challenging for CCUS projects to reach the necessary economic threshold capacity required for cost recovery. This can potentially lead to project death during the final investment decision (FID) phase.



Moreover, this challenge is further compounded by various barriers facing the CCUS industry, such as high costs and a lack of price signals or financial incentives [59], which have limited the deployment of commercial-scale projects globally. According to the Global CCS Institute, as of 2022, there are only 30 commercial CCUS projects with a storage capacity of approximately 43 million per annum (Mtpa), as shown in Table 1. Therefore, a comprehensive and integrated approach to the design and implementation of subsurface injection policies, particularly for injection strategies, is needed to ensure the safe and efficient storage of CO2 while maximizing the storage capacity and commercial viability of CCUS projects.



One way to address this challenge is to balance engineering policies at the field scale to maximize the storage capacity of a given field without endangering site integrity and maintaining health, safety, and environmental standards. Additionally, an economic–technical compromise, or “tradeoff,” must also be maintained when designing the injection strategy to ensure the commercial viability of the project without scarifying site integrity and environmental and health and safety standards. Developing such an approach will enable commercial-level CCUS development that is both economically viable and sustainable over the long term by providing a framework that balances field-scale engineering policies and economic considerations with safety, environmental responsibility, and site integrity. This not only maximizes the storage capacity of a given field while maintaining health and safety standards but also provides a comprehensive framework that considers all relevant factors, making it a key tool in the successful deployment of CCUS projects.



To address the complexity of the problem at hand, optimization techniques are used when designing CO2 injection programs. However, the optimization of the injection schedule in the subsurface is not a trivial task and cannot be resolved accurately in the classical optimization framework by defining an objective function with analytic expressions to describe the technical policies that need to be considered. The reason is the nature of the problem that involves technical policy constraints, such as preventing migration of the CO2 to the surrounding area or outside the storage complex and maintaining pressure build-up below a given threshold (fraction of the fracture pressure) anywhere in the reservoir and near the caprock at any time during the injection phase. In addition, these injection policies depend on several factors, including the physical properties of the formation rocks, such as the local heterogeneity of reservoir regions. Furthermore, additional control factors must be included in the optimization of the well’s schedule when simultaneous development plans/schemes are being considered, such as producing brine from saline aquifers to reduce pressure build-up and potentially increase storage efficiency [60] and/or produce brine that is reinjected into the reservoir to improve the dissolution mechanism [61]. Things may become even more complicated when considering economic decisions that require trade-offs between costs and benefits (additional costs vs. additional CO2 storage capacity) that can be achieved under different development plans (brine production/recycling).



On this basis, several methods have been investigated in many studies to deal with the complexity and solve the optimization problem, arriving at a technically safe and economically viable injection schedule. These methods utilize both local and global optimization techniques combined with derivative-based or derivative-free approaches while considering various development schemes, such as brine production/recycling, and applying different technical and economic policies in the form of objective functions, boxes, or non-linear constraints [62,63,64,65,66]. For example, Shamshiri and Jafarpour [67] considered honoring the engineering policy of maximizing storage security; thus, the long-term containment of carbon storage in saline aquifers in an indirect fashion in their optimization model through the adoption of an objective function that aims to improve CO2 sweep efficiency using the BFGS algorithm [68] to obtain a technically sound injection schedule was possible. Alternatively, Cameron and Durlofsky [69] optimized the injection well’s location and injection plan, accounting for the same technical policy in their optimization model and considering the objective function that directly minimizes the long-term amount of mobile CO2 using a noninvasive, gradient-free Hooke–Jeeves direct search (HJDS) [70] method. Ultimately, these optimization techniques can help to balance engineering policies and achieve a maximum storage capacity of a given field while maintaining site integrity, environmental and health standards, and the commercial viability of CCUS projects.




1.5. Scope and Structure


In this work, we review carbon storage studies to provide a comprehensive review and classification of the key technical policies and factors that must be considered when applying CO2 geostorage, along with the computational optimization approaches that have been developed to date for large-scale carbon storage. The integration of technical policies into optimization techniques and the different modeling approaches used by various research groups, as well as the results obtained from designing in situ injection schedules in saline aquifers, are also discussed.



Our aim is to create a comprehensive reference guide for underground carbon storage. This review distinguishes itself from others by defining subsurface technical policies that must be followed and by providing a detailed analysis of the optimization techniques used to date for developing CO2 injection and well control strategies in saline aquifers, including how technical policies are integrated into these techniques.



The structure and content of this paper are organized as follows. In Section 2, we present the technical policies for geological CO2 sequestration and provide examples of how each policy can be applied through proposed development plans and optimized carbon injection schedules. In Section 3, we focus on geologic storage in saline aquifers, where we discuss the computational optimization techniques used for designing CO2 injection schedules and well control strategies from their first application until today. Finally, in Section 4, we summarize and draw conclusions based on the findings of our study. Overall, this paper aims to be a “one-stop shop” for subsurface technical experts, policymakers, and energy industry colleagues looking to gain a comprehensive understanding of technical policies, carbon storage development plans, and the application of optimization techniques for successful carbon injection scheduling in saline aquifers.





2. Key Subsurface Policies in CO2 Geological Storage: Outline and Application


Since the current portfolio of CO2 storage facilities does not adequately address the various geologic settings and commercial scales (i.e., >5 million tonnes CO2/year), several CCUS projects at different development stages face uncertainties concerning the extent to which potential capacity can be converted into effective capacity, confidence in the long-term safety of stored CO2 (against the likelihood that it will migrate and/or escape back into the atmosphere), and the practical joint application of CO2 storage and enhanced oil and/or gas recovery. Therefore, it is essential to establish and define sound technical policies and strategies to be applied for carbon storage in CCUS projects to facilitate commercial-scale CCUS development.



In this section, we discuss the key technical policies that need to be considered in the design and implementation of CCUS projects, particularly injection and well control strategies. Firstly, we refer to the pressure management policy that aims to avoid in situ overpressure while injecting CO2, preventing geomechanical complications, maintaining site integrity, and mitigating migration risks to the surrounding area or outside the authorized area. Secondly, we emphasize the importance of long-term containment carbon storage and define a policy that aims to enhance storage security by improving residual and solubility sequestration, which are low-risk short- to medium-term containment mechanisms that further reduce the likelihood of migration or escape of the injected CO2 back into the atmosphere.



Although storage in saline aquifers is the main topic in this work, a short description of the key subsurface policies that need to be followed in EOR, EOR+, and EGR projects is given for the sake of text completeness. Regarding the technical viability of carbon sequestration in conjunction with enhanced oil recovery, we discuss the practical need to honor the co-optimization of both objectives (carbon sequestration/EOR) in the design and implementation of CO2-EOR+ processes. This includes the injection schedule and field parameters so that CO2-EOR projects can serve as a means of mitigating the effects of climate change and reducing anthropogenic CO2. Finally, we discuss a storage efficiency policy in the application of the CO2-EGR process for a successful coupling of carbon storage and enhanced gas recovery application in natural gas reservoirs.



2.1. Pressure Management: Controlling Pressure Build-Up and Geomechanical Complications


The commercial-scale deployment of carbon storage involves sequestering large amounts of carbon dioxide in the porous media of a host subsurface structure. The storage space for CO2 is created by the expansion of the formation rock pore space, together with a corresponding reduction in the volume of the native fluid due to compression. Although the storage system formation fluid can be displaced or withdrawn to facilitate the accommodation of injected CO2, pressure build-up in the host formation is still anticipated when deploying carbon storage on a commercial scale. Among other factors, reservoir pressurization response to CO2 storage depends mainly on the host formation boundary conditions, and the three storage systems illustrated in Figure 5 can be classified as:




	(1)

	
Closed systems, where the storage formation is surrounded by impervious boundaries and blocked vertically by impervious sealing units.




	(2)

	
Semi-closed systems, where the storage system is enclosed laterally by impervious boundaries but overlain and/or underlain by semi-previous sealing units.




	(3)

	
Open system, where the lateral boundaries are too far to be affected by pressure disturbances [71].









The effect of pressure build-up in closed systems has a more significant impact on CO2 storage capacity than in open and semi-closed systems due to the absence of pressure bleed-off [71,72,73,74]. While closed systems do not present any environmental risk of brine leakage during CO2 injection, pressure build-up must be kept safely below the maximum pressure (fracture pressure) that can be tolerated by a given formation to preserve the mechanical integrity of the storage site from the tensile or shear failure of the caprock and/or reactivation of the existing fractures and faults [75]. On the other hand, modeling studies have shown that pressure build-up also limits the storage capacity of open systems. Elevated pressure may cause brine displacement into freshwater aquifers through localized pathways, such as leaky faults and wells [57,75,76], which could pose environmental risks. Meanwhile, reservoir pressurization is effectively reduced in semi-closed and open storage units due to the pressure bleed-off caused by brine migration into semi-sealing units and/or lateral brine displacement [77]. Based on the discussion above, it can be said that the effective storage capacity of the reservoir is not limited only by the pore volume of the formation rocks but also by the maximum permissible build-up pressure. Szulczewski et al. [78] have shown that the pressure constraint is the principal limiting factor for CO2 storage in the short term, while limited porosity prevails in the long term. The initial pressure build-up in the reservoir mainly depends on the properties of the formation rock such as porosity, permeability, anisotropy, pore compressibility, etc. [79,80], whereas these parameters are reservoir-dependent and uncontrollable [69].



Therefore, it is essential to formulate a technical and economically feasible development plan for CO2 storage based on site characteristics that optimize the CO2 injection rate maximize the efficiency of long-term storage while maintaining pressure build-up below the cut-off threshold, which is a fraction of the fracture pressure of the host formation (~90%). This avoids unwanted geomechanical complications [81].



To mitigate these issues and, therefore, comply with the pressure management policy, several researchers have proposed development schemes and plans that aim at extracting brine from aquifers to potentially increase the amount of CO2 that can be effectively injected and to control pressure build-up at saline aquifer storage sites. For example, Court et al. [61] and Buscheck et al. [62] demonstrated in synthetic models the significant benefits of pressure control through brine production. They showed that brine production had no significant effect on the conformational shape of the CO2 plume, as the latter depends on the characteristics of the storage formation. However, brine production comes with setbacks due to additional pumping, transportation, treatment, and disposal requirements, which increase costs. To address this, Birkholzer et al. [81] demonstrated that it is possible to reduce the amount of brine produced in CO2 storage operations with proper placement of the wells and optimization of their rates. Cihan et al. [82] applied this technique by addressing the optimization problem in a realistic example of the Vedder Formation in California, USA, minimizing the ratio of produced brine volume over the volume of injected CO2. Other researchers have attempted to optimize the CO2 injection schedule in saline aquifers while considering both alternatives (with and without brine production), along with economic profit constraints imposing that caprock fracture pressure cannot be reached at any time and placed in the reservoir. Santibanez-Borda et al. [60] engaged in a novel optimization strategy to maximize CO2 storage and pre-tax revenues in Cenozoic Sandstones of the Forties in the North Sea. They injected CO2 while simultaneously producing brine to control pressure build-up. More details about the optimization method applied and the results obtained will be given in Section 3 of the paper.




2.2. Geological Storage Security: Improving Residual and Solubility Trapping


To achieve geological storage, CO2 is typically injected as a supercritical fluid deep below a confining geological formation at depths greater than 800 m. A combination of physical and chemical trapping mechanisms is encountered, which are effective over different time intervals and scales [72,73] (Figure 6). Physical trapping occurs when CO2 is stored as a free gas or supercritical fluid and can be classified into two mechanisms: static trapping in stratigraphic and structural traps and residual trapping in the pore space at irreducible gas saturation. Additionally, CO2 can be trapped by solubility through its dissolution in subsurface fluids and may participate in chemical reactions with the rock matrix, leading to mineral trapping [83].



Since carbon storage’s primary purpose is to provide permanent and long-term underground CO2 storage, the safety and security features of each CO2 trapping mechanism encountered in underground formations must be considered. Storage security increases with reduced CO2 mobilization, making mechanisms immobilizing CO2 extensively researched to reduce the risk of leakage from potential outlets in the formation (e.g., fractures, faults, and abandoned wells) [84]. Solubility, residual, and mineral trapping are considered safe mechanisms. Solubility trapping provides a safe trapping mechanism because CO2 dissolved in brine (or oil) is unlikely to abandon the solution unless a significant pressure drop occurs at the storage site. Furthermore, when CO2 is dissolved in brine, the CO2–brine solution density increases, resulting in convective mixing, which acts to prevent buoyant CO2 flow toward the caprock [85,86,87]. Residual trapping is also recognized as a safe trapping mechanism as it represents the fastest method to remove CO2 from its free phase with timescales in the range of a few years to a few decades [88,89,90,91]. Within its displacement in the formation, the front and tail of the CO2 plume undergo drainage and imbibition saturation-dependent processes, leaving traces of residual gas trapped in the rock pore spaces. Over timescales of hundreds of years, dispersion, diffusion, and dissolution are expected to minimize residual CO2 concentration [92]. Mineral trapping of CO2 occurs when dissolved CO2 combines with metal cations, mainly Ca, Fe, and Mg, resulting in the precipitation of carbonate minerals. The effectiveness of this type of trapping is determined by several factors, including the availability of non-carbonate mineral-derived metal cations in the formation of brine, the rate of carbonate and non-carbonate mineral dissolution in the presence of CO2 and resulting solution pH, and the conditions necessary for secondary mineral precipitation, such as the degree of supersaturation and availability of nucleation sites [93]. Mineral trapping is generally considered to be the most stable and secure of the four but is very slow in typical sedimentary rocks, with timescales of centuries or millennia [94]. Figure 7 provides a schematic microscopic view of the porous media, illustrating the primary trapping mechanisms encountered in storage formation.



Residual gas, dissolution, and particularly, mineral trapping mechanisms, share a relatively low contribution to underground CO2 storage when compared to structural trapping over a typical operational injection period of 30 years [88,95,96]. Although mineralization is the safest trapping mechanism, it is a very slow chemical process that can take hundreds to thousands of years, while solubility and residual trapping are considered two short-term and low-risk mechanisms for safe CO2 storage. Therefore, properly designing the CO2 injection schedule and storage development plan can optimize these mechanisms. This policy is essential to ensure the safety and security of long-term containment of underground CO2 storage.



Although the main difficulty of implementing this policy is that the predominant upward buoyancy-driven displacement of CO2 limits the horizontal access of the CO2 plume to the fresh brine of the aquifer, most studies anticipate this problem by considering different strategies, which are combined to apply computational optimization. Leonenko and Keith [97] investigated the role of brine injection on top of a CO2 plume in accelerating the dissolution of CO2 in formation brines. They found that such a technique could significantly improve CO2 solubility at the aquifer scale and concluded that reservoir engineering techniques could be used to increase storage efficiency and possibly reduce the risk of leaks at a relatively low cost. Kumar [98] applied an optimization approach to minimize structurally trapped CO2 in heterogeneous two-dimensional models by simulating 10 years of injection and 200 years of equilibration. In one example, they showed that the optimization decreased the likelihood of structural trapping by 43% compared to the base case. Similarly, Hassanzadeh et al. [99] studied the introduction of brine injectors into saline aquifers and showed that the injection of brine increased the rate of dissolution of carbon dioxide in aquifers, enhancing the dissolution trapping mechanism. They also proposed a reservoir engineering technique to optimize the location of the brine injectors to maximize the injection rates. In 2009, Nghiem et al. [100] found that optimal control of a water injector placed above a CO2 injector enhances residual and solubility trapping. In another study, in 2010, Nghiem et al. [101] optimized the location and operating conditions of a water injection well located above the CO2 injector and applied a bi-objective optimization approach to quantify the compromise or trade-offs between the optimization of residual and dissolution trapping. In turn, Shafaei et al. [102] studied the co-injection of carbon dioxide and brine into the same well by injecting brine in the well’s tubing and CO2 using the annual space between the tubing and the well’s casing, making it possible for the injection to be achievable at lower wellhead pressure, thus reducing compression costs.



On the other hand, Rasmusson et al. [103] found that the simultaneous injection of CO2 and brine, as well as the use of a water-alternating gas (WAG) scheme, had a beneficial effect on both residual and solubility trapping. In a recent study, Vo Thanh et al. [104] compared continuous CO2 injection against a WAG injection scheme and they demonstrated that the effectiveness of the WAG procedure in enhancing both trapping mechanisms was higher compared to continuous CO2 injection. For their analysis, they considered the impact of reservoir heterogeneity by running WAG scenarios on 200 geological realizations of the aquifer. Other proposed methods to reduce buoyant CO2 storage and eliminate the risk of buoyant migration involve surface dissolution, which aims to dissolve CO2 in brine extracted from the storage formation and then inject the fully saturated CO2 brine back into the storage system [105]. Other studies on surface dissolution are also involved in finding an optimal design of the injection and extraction strategy [106]. It should also be noted that surface dissolution reduces the degree of pressure build-up during injection and eliminates the displacement of brine [105,106]. Therefore, optimizing CO2 injection schedules, well control strategies, and implementing an effective storage development plan are critical for enhancing long-term containment and storage security through improved solubility and residual trapping.




2.3. CO2-EOR Carbon Storage Compliance: Joint Co-Optimization


Traditionally, CO2-EOR operations focus on maximizing oil production, with CO2 storage considered a secondary priority due to the cost–benefit imbalance of purchasing CO2 for enhanced oil recovery projects. Oil and gas operators seek to reduce the amount of CO2 needed to sweep the reservoir, leading to technical conflicts in designing operating parameters that can simultaneously achieve high recovery and high CO2 sequestration. While carbon storage has become an additional revenue source for operators due to the prevailing carbon tax regimes, such as 45Q in the United States, studies have shown that the tangible economic benefits of EOR often outweigh those of carbon storage, especially given the costs and challenges of implementing carbon sequestration at a commercial level, as this dispute ends in favor of oil recovery [107,108]. As a result, design parameters for CO2-EOR+ projects must be redefined to optimize CO2 storage volume while maximizing underground permanent CO2 storage at the end of the field lifecycle without sacrificing additional oil revenue. To achieve this goal, it is necessary to adopt a co-optimization engineering policy, meaning that design parameters of a given storage site development plan (e.g., carbon injection strategy) must be selected to simultaneously achieve desirable oil recovery while ensuring the best achievable amount of carbon stored underground.



Many technical studies address the co-optimization of oil recovery and CO2 sequestration in CO2-flooded EOR processes, and this conflict can be resolved in the form of a tradeoff. In 2000, Malik and Islam [109] studied various phenomena affecting oil recovery and carbon sequestration in the Weyburn field in Canada using reservoir modeling. They discussed technical conflicts involved in achieving optimal operating conditions for the simultaneous objectives of higher oil recovery and higher CO2 storage and proposed the use of horizontal injection wells to jointly optimize both objectives. Jessen et al. [110] also highlighted the need for the proper design of injection gas composition and well completion to jointly optimize oil recovery and CO2 storage.



Other researchers have investigated the co-optimization problem of CO2-EOR and CO2 storage, i.e., CO2-EOR+ reporting various development strategies/plans that affect oil production, carbon storage, and other effects without considering a specific objective function [110,111,112,113,114,115,116,117,118,119,120,121,122]. Meanwhile, in the absence of a direct relationship on how to achieve the technical strategy of co-optimizing CO2 EOR and carbon storage in practice, a second group approached this difficulty by explicitly considering maximizing oil recovery, carbon storage, or a weighted combination of the two objectives using injection strategy techniques [123,124,125,126,127,128,129,130]. Furthermore, a third group of studies considers the economic aspects in the application of co-optimization of CO2 EOR and carbon storage to honor the co-optimization policy by explicitly considering the maximization of the net present value (NPV) of the project profit or some related performance parameters [131,132,133,134,135,136,137,138,139,140].




2.4. Displacement Control: Sweep Efficiency Performance Control in CO2-EGR Applications


CO2 storage with enhanced gas recovery (CO2-EGR/CSEGR) promotes natural gas production while permanently storing CO2 underground in gas reservoirs. Although natural gas reservoirs are primarily composed of methane (>95%), CO2 and CH4 also exist in a gaseous state and are mixable under atmospheric conditions. However, the physical properties of the two components (CO2 and CH4) differ significantly at typical reservoir thermodynamic conditions (   µ    CO  2     ~  2  µ    CH  4     ,    ρ    CO  2     ~  2  ρ    CH  4     ) [26]. The original concept of CO2-EGR was first proposed by van der Burgt et al. in 1992 [141] and, since then, numerous numerical simulation studies have demonstrated the technical feasibility of carbon storage with enhanced gas recovery. For example, Oldenburg et al. [142] carried out 2D model simulations of the injection of CO2 into a depleted natural gas reservoir under isothermal conditions and homogeneous reservoir properties (porosity 0.35 and permeability in the Y-Z directions 1.0 × 10−12, 1.0 × 10−14 m2). In two simulation scenarios (Scenario I: reservoir pressurization scenario: CO2 injection for 10 years with no CH4 production, Scenario II: CO2 injection with simultaneous CH4 production), they showed that 99% pure CH4 can be produced for about five years in Scenario I with a very high CH4 production rate. Similarly, 99% pure CH4 can be produced for about five years in Scenario II in conjunction with CO2 injection, but the methane production rate is lower than in Scenario I.



Meanwhile, several simulation studies have revealed that CO2 preferential flow pathways can easily form due to reservoir heterogeneity, which can compromise CO2-EGR performance. For example, Oldenburg and Benson [38] extended the analysis of Oldenburg et al. by accounting for formation heterogeneity and applied the log normal distribution in the Y-direction without correlation in the Z-direction. Their work showed that heterogeneity in the formation led to preferential flow paths for injected CO2, with such a phenomenon being favorable for injectivity and carbon sequestration, allowing the storage of larger quantities of CO2. However, preferential flow also resulted in early breakthroughs and, therefore, affected the application of enhanced gas recovery. Rebscher and Oldenburg [143], in turn, used a 3D grid model to investigate, in detail, the application of CSEGR in the Salzwedel-Peckensen natural gas field in Germany and demonstrated for the base case scenario that CO2 injection sweeps CH4 toward the production well, with breakthroughs occurring in the unit with the highest permeability due to preferential flow paths. Similar results were obtained by other researchers [143,144,145].



To address this problem, it is crucial to design the CO2-EGR process with parameters (e.g., CO2 injection schedule, well location, etc.), that allow for the greatest storage capacity and highest natural gas recovery. Maintaining high sweep efficiency by delaying CO2 breakthroughs and stabilizing the displacement process is a critical subsurface engineering policy that must be considered during the design implementation of CSEGR applications, particularly in the injection plan or/and well control strategies.



To honor this engineering policy, researchers have investigated several strategies to delay CO2 breakthroughs and stabilize the displacement process, such as the effect of water injection and formation water in high permeability strata by blocking the fast flow paths and thus promoting CO2 dissolution [37,145,146,147]. Others have examined the effects of CO2 injection time on CSEGR performance [36,148]. Moreover, Hussein et al. [149] showed in a simulation study that the CO2 injection rate is a key parameter in CSEGR along with the injection timing as it plays an important role in representing the optimal injection rate strategy. The locations of the CO2 injection wells and the natural gas production wells are also two other critical factors of the injection strategy in CSEGR implementation, as shown by Hou et al. [150]. In addition, Liu et al. [151] highlighted the impact of injection/production well perforation, whereas other studies considered the optimization of CO2 injection strategies in CSEGR applications [152,153].





3. Optimization of CO2 Injection and Well Control Strategies for CCUS Application in Saline Aquifers


Although deep saline aquifers have enormous storage potential for CO2 sequestration, assigning an optimal, technically sound injection schedule of CO2 presents significant engineering challenges. This is due to the need to meet multiple objectives and comply with technical policies, as well as handle limited knowledge of geologic characterization caused by large uncertainties in capacity, injectivity, and containment. Additionally, there is little project experience as opposed to depleted oil or gas reservoirs.



To address these considerations, mathematical optimization tools are utilized to guide injection planning and operations while minimizing computational costs. These tools explore the range of likely outcomes, particularly in predicting long-term storage security with CO2 migration over hundreds of years after operations end. Optimization has been used for over 15 years in the application of carbon storage in saline aquifers, and various optimization tools and models have been employed to fulfill objectives and adhere to policies. In this section, we review and analyze the application of various modeling and optimization techniques for developing a technical injection strategy in saline aquifers, as summarized in Table 2.



It is worth mentioning that while the field of AI techniques for optimizing CCUS operations in saline aquifers is still relatively new, it has a promising potential for improving the efficiency and effectiveness of CO2 sequestration. You et al. [154] demonstrated the fast, robust, and stable application of a machine learning-assisted optimization workflow for co-optimizing CO2 storage, CO2-EOR performance, and project economics in the Pennsylvanian Upper Morrow sandstone reservoir in the Farnsworth Unit (FWU). Therefore, it is expected that AI techniques will be increasingly employed for such applications in the CCUS industry in the future.



The optimization of CO2 injection strategies in saline aquifers was first applied by Kumar in 2007 [98]. Using the conjugate gradient method implemented by Yeten et al. [155] and treating the commercial simulator as a black box for determining the objective function values, Kamar ran an optimization routine to determine the optimal well inlet valve/injection rate setting that minimizes gas saturation in the top layer of an aquifer model. The adopted objective function to be maximized accounted for the residual trapped CO2, honoring the storage security engineering policy. They considered a moderate heterogeneous (average permeability 1100 mD) two-dimensional vertical cross-section of an aquifer gridded into 16,000 blocks, and they simulated a 10-year injection period followed by a 200-year equilibration phase. The injection rates were updated five times during the course of the injection period to allow for variability in the injection schedule. Despite its simple formulation, the attempted optimization led to a significant reduction in the amount of structurally trapped CO2 compared to the base case scenarios. In the case of a single well, the optimization solution resulted in a 16% reduction in the CO2 saturation at the top of the aquifer compared to the base case, while in the case of two and three wells, the optimized solution resulted in a reduction in free gas saturation at the top of the aquifer with more residual trapping for the three-well case, highlighting the need for the optimization of both the well’s injection rate and the number of wells. In addition, Kumar also investigated the effects of the number of optimization time steps, capillary pressure, and heterogeneity, as well as the effects of the initial settings on the optimization results.



Nghiem et al. [100] showed that residual gas and solubility trapping can be accelerated and enhanced by injecting water above the perforations of the CO2 injector. They maximized an objective function that accounted for the trapping efficiency index, which involved both residual and solubility trapping indices, and they applied the procedure developed by Yang et al. [156] to determine the optimal water injector settings (depth, rate, and injection duration) for homogeneous aquifers while limiting the optimization/decision variables to a technically feasible range to honor pressure management policy. They showed that water injection at a greater depth in the case of a low permeability aquifer favors residual gas trapping, while in the case of high permeability formations, water injection at a shallower depth favors solubility trapping. In a later work, Ngheim et al. [101,157] studied the interaction of the two trapping mechanisms (solubility and residual gas) and concluded that they are competing and occur simultaneously during injection and post-closure. By using Pareto-optimal solutions with a bi-objective optimization approach, they were able to quantify the tradeoffs between residual trapping and dissolution trapping optimization.



Since the density-induced upward movement of gas or supercritical CO2 hinders both solubility and residual trapping mechanisms by preventing lateral migration of the plume in the reservoir, Shamshiri and Jafarpour [67] proposed a method to control the injection schedule and thereby improve sweep efficiency and increase the contact of injected CO2 with the in situ brine. They introduced pseudo-production wells with insignificant production rates and negligible effect on the overall flow regime to compute hypothetical breakthrough curves. They showed that uniform sweep efficiency can be achieved by minimizing an extra term in the objective function, which penalizes the difference in CO2 production rates among the pseudo-producers. As a delayed breakthrough (at constant total CO2 injection volume) implies better sweep efficiency, a second term was included in the objective function to minimize the total field CO2 pseudo-production, thus delaying the breakthrough time. Meanwhile, to apply the developed formulation while honoring other engineering policies (e.g., keeping injection pressure below aquifer fracture pressure), they applied the BFGS algorithm to the flow equations in conjunction with equality and inequality constraints (e.g., limiting the bottom hole pressure of injection/production wells) imposed to the control variables so as to maintain a technically sound injection schedule. They illustrated the effectiveness of the proposed method using two heterogeneous models, the Synthetic 3D and the PUNQ-S3 benchmark models. Comparing the results of the proposed sweep efficiency optimization technique against the application of direct optimization of the total stored CO2 in the aquifer and the base case simulation scenario (uniform distribution of well injection rates), a significant improvement in both residual and solubility trapping was shown, with an arrival time of CO2 delayed by nearly 25 and 50 years, respectively, for each simulation model, thus demonstrating that their sweep efficiency optimization is the most effective technique for improving both solubility and residual trapping. In a more recent work, the authors [84] modified the objective function by eliminating the second term of the objective function. Their new results showed that although a uniform sweep improves the storage potential in the aquifer, its storage performance is not as good as directly maximizing the stored CO2 in the aquifer. They noted that sweep efficiency optimization does not account for the storage potential of both low- and high-porosity zones in the reservoir, whereas maximization of the stored gas takes advantage of available storage volume irrespective of the efficiency of the resulting sweep. Considering the results of synthetic model simulations, the volume of dissolved gas after 300 years (10 years of injection and 290 years of equilibration) increased from 12% of the total gas injected (TGI) in the base gas to 18% when optimizing sweep efficiency, and it was 25% when the stored gas volume was optimized. In addition, the total amount of CO2 trapped as residual gas is approximately 40% of the TGI in the base case, 45% when sweep efficiency is optimized, and 50% when the stored gas is optimized. Through further modification of the objective function and optimization work, they confirmed the effectiveness of the controlled injection strategy in diverting CO2 plumes from aquifer regions with potential pathways (e.g., conduits/faults), thereby increasing CO2 storage security. Cameron and Durlofsky [69] extended previous studies by optimizing the locations and injection schedule of multiple CO2 injectors with the goal of minimizing the long-term amount of mobile CO2 in a saline aquifer. Using a noninvasive, gradient-free Hooke–Jeeves direct search (HJDS) method with convex inequalities and constraints on the decision variables, the optimization determined the location and injection schedule of four horizontal CO2 injection wells, with the constraint that they must be situated in the central 10.9 km2 region of a 232 km2 heterogeneous saline aquifer model. Because HJDS is a local optimization technique, they conducted three optimization runs using different initial estimates for the well’s placement parameters and the same initial estimate for injection rate parameters (equal fraction), yielding different results, thus suggesting the presence of multiple local optima. The results of the best-achieved solution showed that the dissolution and residual trapping were improved by 7% and 5%, respectively. Furthermore, they investigated cases of brine cycling where a certain volume of brine was produced and re-injected into the formation above the CO2 injection sites. Varying the volume of the brine cycle and including additional parameters defining the timing, duration, and pumping fraction of the injection event to the optimization decision variables, they showed that increasing the volume of the brine cycle decreases the optimized mobile CO2 fraction, with optimization results showing that the more brine injected, the lower the mobile fraction in the system.



Zhang and Agarwal [158,159] applied a genetic algorithm-based optimizer in conjunction with the TOUGH2 numerical simulator to optimize the injection schedule for a water-alternating gas injection system (WAG). To increase CO2 sequestration efficiency and reduce CO2 plume dispersion, they considered the reduction in CO2 plume migration (compared to migration under constant CO2 injection) normalized to the total amount of water injection as a fitness function to evaluate the efficiency of a particular WAG operation. Using CO2 and water injection rate, WAG, and cycle duration as decision variables, they applied the optimization technique to a vertical injection well modeled at the center of a hypothetical cylindrical salt formation and to a horizontal well modeled in a radical section of a hypothetical thin aquifer. For both well configurations, they showed that optimized WAG operations resulted in a nearly 14% reduction in CO2 migration, with lower average gas saturation in the uppermost layer of the aquifer compared to constant injection operations. However, they noted the risk of increased injection pressure in WAG, which can endanger formation integrity, and they suggested that horizontal well configurations are better for WAG in three ways: higher migration reduction per unit of water injected, lower free gas saturation, and lower pressure response. To mitigate the increase in injection pressure above the formation threshold, the authors extended their own previous work in which they determined the optimal injection strategy for horizontal well configuration, which resulted in injection pressure management that optimized aquifer storage efficiency while accounting for pressure build-up policy [160]. Using the CO2 injection rate as the decision variable and the threshold pressure (caprock pressure) as the constraint, the optimization of the injection was performed using a modified version of well’s injectivity as a fitness function in conjunction with the Bezier curve to describe the CO2 injection rate in the form of a time-dependent continuous function.



Cihan et al. [82,161] presented a differential evolution algorithm for optimizing well placement and brine production rates to control pressure build-up in saline aquifers. Minimizing the objective function, which consists of the ratio of the extracted fluid (brine) to that of the injected fluid (CO2), the selection of brine production rates is evaluated under the constraints that no CO2 breakthrough occurs at the production wells and the maximum pressure build-up must not exceed the pressure threshold. They further compared the results of the gradient-free constrained differential evolution (CDE) algorithm against a gradient-based, constraint optimization technique, the sequential quadratic programming (SQP) algorithm, for a simple pressure management system. They showed that the results of the CDE algorithm agree very well with the SQP method; however, the number of objective function evaluations for the CDE algorithm is much larger than for the SQP algorithm (1620 for the CDE/12 for the SQP). Furthermore, by coupling the CDE optimization algorithm with a numerically averaged heterogeneous aquifer model with a critically stressed fault near the injection zone, they demonstrated successful estimation of optimal rates and locations for CO2 injection and brine production wells that meet multiple pressure build-up constraints.



Tarrahi and Afra [162] extended the work of Shamshiri and Jafarpour and proposed a formulation to optimize CO2 sequestration by controlling the operating conditions of CO2 injection wells to promote uniform CO2 dispersion in the aquifer formation. While Shamshiri and Jafarpour equalized the rates of pseudo-production wells or representative cells, Tarrahi and Afra promoted uniform CO2 dispersion and breakthrough time equalization of equidistant pairs of cells from CO2 injection wells instead of pseudo-production wells, as in the work of Shamshiri and Jafarpour 2012, to enhance solubility and residual trapping of injected CO2. Taking into account the top layer of the PUNQ-S3 benchmark model (263 equidistant pairs) with 6 injectors, they showed that by using a gradient-based optimization technique, the total CO2 stored in the aquifer in the form of residual and dissolved trapping increased by about 11% in the optimized case compared to the base case.



Babaei et al. [65] illustrated the use of an evolutionary optimization algorithm to find the optimal distribution of the total CO2 injection rate across eight existing wells in the heterogeneous storage complexes at the Forties and Nelson reservoirs in the North Sea, with the single and multiple objective functions of minimizing the fraction of CO2 that is in a free gaseous state outside the licensed regions and maximizing the amount of dissolved and residual trapped CO2. Using a fine-scale model (FM: 840 × 640, grid: 50 m) and three coarser ones in the x and y directions (CM1: 420 × 318 grid: 100 m, CM2: 280 × 211 grid:150 m, CM3: 210 × 158 grid: 200 m), they tested the optimization of CO2 injection strategies on all models to evaluate the reliability of an upscaled model in the optimization strategy so as to identify the optimal grid resolution that represents a successful trade-off between static model accuracy and computation time. The convergence results of the single-objective optimization (only minimizing free CO2 gas) showed that the mobile CO2 reduction using the FM is 21% lower than the base case scenario. Results of the CM3 exhibited a relative error of 5%, with the main difference being the allocation of injection rate between wells, while this error was reduced to about 1% in the CM1 and CM2 cases, thus indicating affordable errors when using coarser grids. For multiobjective optimization, results indicated a conflict between the two objective functions without significant deviations in CO2 stored, as coarse resolution grids led to a systematic overestimation of the CO2 storage maximization objective.



Stopa et al. [163], in turn, developed and applied an optimization technique to minimize the risk of CO2 leakage by minimizing the volume of free CO2 gas at the top of a heterogeneous aquifer. Using a genetic algorithm (GA) and the particle swarm optimization (PSO) technique, they determined optimal CO2 injection well placement and time-varying injection rates that minimized leakage risk. They compared the benefits of the GA and PSO for two cases involving only structural and residual trapping in the aquifer. The first case involves optimizing the location of five injection wells in a heterogeneous aquifer for a constant injection rate. It is shown that both methods converge to the same results, namely a reduction in the CO2 content in the top layer from 23.77% in the base case to 12.71% after 80 years (10 years of injection and 70 years of observation). However, the comparison of the number of simulation runs of both methods shows that the GA required more than 866 runs, while the PSO converged to the same result in only 508 runs, reducing the computation time for the same problem by over 11 h. Due to the superior performance of the PSO algorithm, it was chosen for the second case of the joint well placement and control strategies. The algorithm converged after nearly 450 simulations and reduced the CO2 content in the top layer by 12.10% compared to the base case.



Santibanez-Borda et al. [164] overcame the computational challenges with a different approach in assigning optimized well plans and thus improving the CO2 storage system performance. To obtain the desired well schedules, they replaced the use of reservoir models with analytical expressions, namely surrogate models, to predict system responses to specific well schedules and use them as inputs for optimization. In their work, they maximized the utilization of the CO2 storage capacity of the brine-saturated Forties and Nelson reservoirs in the North Sea by simultaneously optimizing the CO2 injection rates of eight injection wells and five brine production wells. The surrogate models were developed based on pressure history obtained from one hundred different scenario simulations. The optimization was run using the Simplex method when the constraint conditions were linear and the GRG (generalized reduced gradient) method when nonlinear constraint conditions were introduced. Three different surrogate modeling techniques, linear regression, regularized linear regression, and multivariate adaptive regression splines (MARS), were considered with the objective of maximizing the amount of CO2 injected into the reservoir. The storage scenario was constrained by the subsurface policy that the caprock fracture pressure should not be reached at any time to avoid CO2 leakage and additional similar constraints to the well pressure, CO2 plume distribution, injection, and production rate. The results showed that the linear regression and regularized linear surrogate models predicted optimal rates while meeting all pressure constraints. In addition, the amount of CO2 that can be stored increased by 125% for a 1:1 ratio of CO2 injection to brine production when five brine production wells produced up to 2.2 million tonnes/year of brine over a forty-year operating period.



To overcome uncertainties in characterization and rock properties while optimizing storage performance, Gonzalez-Nicolas et al. [165] demonstrated the use of adaptive optimization methods under poorly characterized reservoir conditions for pressure management through brine utilization. They also investigated the effects of two factors on optimal brine extraction rates for pressure management: the quality of initial site characterization data and the frequency of model calibration and optimization calculations based on newly acquired monitoring data (during the operational period). The proposed adaptive approach includes an analysis of monitoring data acquired during operation so that the accuracy of the storage model can be verified and updated as needed using inverse modeling methods. A revised optimization can then be performed with the reservoir management plan based on the updated reservoir model predictions. An optimization algorithm coupled to the reservoir model is, therefore, adopted, which aims at minimizing the production volume ratio (produced/injected volume) while effectively controlling the pressure build-up so that the fracture pressure in the caprock is not exceeded, and reactivation along the fault near the injection point is avoided. Using a constrained differential evolution algorithm modified by a differential evolution algorithm with each step of the adaptive management framework, they demonstrated the efficiency of adaptive pressure management for a simple case of a multilayer reservoir system with a limited set of monitoring data from three observation wells.




4. Conclusions


The International Renewable Energy Agency (IRENA) has highlighted the urgent need to deploy carbon capture, utilization, and storage (CCUS) technology as part of the global transition to a net-zero emissions pathway. However, there are significant challenges and risks associated with CCUS potential, particularly in the areas of capture, transportation, and storage. Depending on the sector, capture technologies, distance from storage, and storage location cost estimates of avoided CO2 for carbon capture, transport, and storage can reach levelized costs up to 225 per tonne. Transportation of liquid CO2 also poses significant challenges due to size, haul, and pressure requirements. While CO2 utilization is still in its early stages of development, there is a need to invest in CCU technology to decrease the levelized costs of both capture and conversion processes. Additionally, there is a need to investigate interconnected factors at the subsurface level to boost the deployment of carbon capture and storage (CCS).



The deployment of carbon capture, utilization, and storage (CCUS) technology on a large scale is essential for mitigating greenhouse gas emissions and combating climate change. However, the success of CCUS deployment requires a technically sound, safe, and cost-effective CO2 injection strategy. Site characterization of the storage complex is a critical step in understanding the impact of different injection strategies on the performance of storage operations, including dynamic storage capacity, plume migration risks, and the long-term containment of injected CO2. Despite the challenges posed by site characterization processes, such as uncertainties among subsurface parameters and complex subsurface geology, these challenges can be mitigated by updated subsurface parameters and numerical simulations, such as computational fluid dynamics (CFD) and reactive transport. However, although current CFD and reactive transport simulations in modeling large-scale carbon storage reservoirs with reasonable accuracy are mature enough, the definition of fundamental subsurface technical policies that form the basis of carbon injection strategy remains a technical gap.



To address this challenge, four technical policies have been defined, including pressure management to avoid geomechanical complications, storage security to enhance long-term containment, joint optimization of enhanced oil recovery and carbon storage operations in CO2-EOR+ operations, and displacement control in CSEGR. However, implementing these policies comes with drawbacks, such as a significant reduction in storage capacity, making it crucial to maintain a techno-economical balance. Without assistance tools, reservoir engineers may address this problem through the “manual” balancing of technical policies when designing the injection strategy of a given site. Achieving an optimal injection strategy is considered a challenging task, as injection policies depend on several subsurface interconnected factors, such as the local heterogeneity of reservoir regions and structure geometry, as well as wellbore locations, configurations, and completion depths.



To mitigate the complexity of designing optimal CO2 injection programs, optimization techniques serve as ideal assistant tools. However, due to the nature of the problem, the optimization of the injection schedule in the subsurface cannot be resolved accurately in a classical fashion by simply defining an objective function and constraints with analytic expressions. On this basis, several methods have been investigated in many studies to deal with the complexity and solve the optimization problem while adhering to technical policies and arriving at a safe, technically, and economically viable injection schedule.



This research paper has focused on the use of optimization techniques as assistant tools to mitigate the complexity of designing optimal CO2 injection programs for long-term containment of injected CO2, as well as maximizing storage capacity in saline aquifer formations. While classical techniques cannot accurately resolve this problem, various methods have been investigated to deal with the complexity and solve the optimization problem in compliance with technical policies and arrive at safe, technically, and economically viable injection schedules.



The paper examined the optimization tools and models used in the literature over the past 15 years, with a primary focus on maximizing storage security for long-term containment of injected CO2 rather than the total amount of CO2 injected into the reservoir. The study revealed that derivative and derivative-based optimization techniques have been applied, with an emphasis on storage security consistent with the concerns surrounding CCUS and long-term liability issues that may arise with large-scale CO2 storage required to achieve climate targets.



In the application of the Hooke–Jeeves direct search (HJDS) method to optimize injector well placement parameters within a restricted area of the reservoir and then the optimization of the injection schedule to maximize storage security, it was shown that single estimate, local search methods, such as HJDS, can get stuck in local minima when optimizing well placement. Comparing the results obtained by multiple estimates methods, such as the particle swarm optimization (PSO) global search, showed that no improvement was achieved. Therefore, this suggests that the use of multiple HJDS runs could be a reasonable approach to solve well placement in carbon storage problems. Furthermore, when applying the HJDS technique for the optimization of injection rates, satisfactory results were obtained. Meanwhile, the application of the HJDS technique is rather limited to synthetic heterogeneous models, whereas further research is needed while accounting for uncertainty in the description of subsurface heterogeneity of saline aquifers (multiple realizations) to further strengthen these results. In addition, other physical effects could also be incorporated into simulation models such as capillary pressure heterogeneity, coarse-scale functions to represent fine-scale effects, and geochemical and geomechanical effects.



On the other hand, metaheuristic methods, such as genetic algorithms (GAs) and evolutionary genetic algorithms (EGAs), have been increasingly applied in recent years for optimizing CO2 injection strategies with good results for maximizing storage security. A comparison between the GA and particle swarm optimization (PSO) for the same problem showed that PSO converges to the same result while significantly reducing the computation time. Moreover, the application of evolutionary EGA across multiple wells in heterogeneous storage complexes with single and multiple objective functions using different scale models has proven robustness in the results obtained.



BFGS quasi-Newton derivative-based optimization techniques have also proven their robustness in guiding the injection rate allocation among two different heterogeneous models with simple and more complex geology, as well as when accounting for uncertainty in subsurface parameters through multiple realizations. Surrogate modeling techniques, such as linear regression, regularized linear regression, and multivariate adaptive regression splines (MARS), have been considered and shown to predict more or less optimal rates for the allocation of CO2 injection rates and brine production rates for multiple wells in a fraction of the time required by conventional, function evaluating optimization methods.



Overall, this research paper provides a comprehensive overview of the various optimization tools and models utilized in the literature for optimal injection strategies in saline aquifer formations over the past 15 years. It can be concluded that optimization techniques have demonstrated successful application to the design of injection strategies compared to the base case or manual designs, providing promising results in maximizing storage security for long-term containment of injected CO2 and total carbon stored while honoring subsurface technical policies. However, further research is needed in the area of optimization of the CO2 injection schedule and well control strategies in saline aquifers to address the limitations of these techniques and develop more robust and efficient optimization tools to address uncertainties of subsurface parameters.
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Figure 1. An illustration of carbon capture, utilization, and storage (CCUS) options. 






Figure 1. An illustration of carbon capture, utilization, and storage (CCUS) options.



[image: Cleantechnol 05 00031 g001]







[image: Cleantechnol 05 00031 g002 550] 





Figure 2. An illustration of geological carbon storage options. 
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Figure 3. An overview of the characterization and assessment of the potential storage complex and surrounding area (reproduced, source: Guidance document 2, CCS Directive, EU 2009/31/EC). 
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Figure 4. Leakage pathways and environmental risks in CO2 geological storage (modified after Ref. [55]. 2006, K. Damen et al.). 
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Figure 5. Open, closed and, semi-closed system schematic (note to scale, modified after Ref. [71], 2008, Zhou et al.). 
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Figure 6. Trapping mechanisms scale over time intervals. 
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Figure 7. A schematic microscopic view of the CO2 storage mechanisms in porous media (reproduced from Stephanie Flude, CC BY). 
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Table 1. The number of commercial CCS facilities in operation, clustered per region.






Table 1. The number of commercial CCS facilities in operation, clustered per region.





	Region
	Operational Commercial

CCS Facilities
	Storage Capacity

(Mtpa)





	North and South America
	19
	32.3



	Europe
	4
	1.5



	Asia-Pacific
	4
	5.1



	Middle East
	3
	3.7



	Total
	30
	42.6
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Table 2. Summary of research studies considered in Section 3.
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	Year
	Authors
	Optimization

Approach
	Objective Function(s)





	2007
	Kumar
	Conjugate gradient method
	Maximize residual trapped CO2/minimize gas saturation in the top layer of an aquifer model (various cases)



	2009
	Nghiem et al.
	Procedure developed by Yang et al.
	Maximize trapping efficiency index that involves both residual and solubility trapping indices



	2010
	Nghiem et al.
	Pareto-optimal solutions with a bi-objective optimization approach
	Quantifying tradeoffs between residual and dissolution trapping optimization



	2010
	Shamshiri and Jafarpour
	BFGS algorithm
	(1) Minimize the difference in CO2 production rates among pseudo-producers to improve sweep efficiency. In addition, minimize an extra term in the objective function, which penalizes the difference of CO2 production rates among the pseudo-producers

(2) Direct optimization of the total stored CO2 in the aquifer



	2012
	Shamshiri and Jafarpour
	BFGS algorithm
	(1) Minimize the difference of CO2 production rates among pseudo-producers to improve sweep efficiency

(2) Maximize the stored CO2 in the aquifer



	2012
	Cameron and Durlofsky
	Hooke–Jeeves direct search (HJDS) method
	Minimize the long-term amount of mobile CO2 in a saline aquifer with constraints on the decision variables, including the optimization of location and injection schedule of multiple CO2 injectors and the optimization of brine cycling parameters



	2011, 2013
	Zhang and Agarwal
	Genetic algorithm-based optimizer in TOUGH2
	Optimize CO2 sequestration efficiency and reduce CO2 plume dispersion for a water-alternating gas injection system (WAG)



	2013
	Zhang and Agarwal
	Modified well injectivity and Bezier curve
	Optimize aquifer storage efficiency while accounting for the caprock pressure as a constraint



	2014, 2015
	Cihan et al.
	Differential evolution algorithm
	Minimize the ratio of extracted fluid (brine) to that of injected fluid (CO2) as the objective function with constraints to prevent CO2 breakthrough at production wells and avoid excessive pressure



	2015
	Tarrahi and Afra
	Gradient-based optimization technique
	Maximize total CO2 stored in the aquifer in the form of residual and dissolved trapping



	2016
	Babaei et al.
	Evolutionary optimization algorithm
	Minimize the fraction of CO2 that is in a free gaseous state outside the licensed regions and maximize the amount of dissolved and residual trapped CO2



	2016
	Stopa et al.
	Genetic algorithm and the particle swarm optimization (PSO) technique
	Minimize the volume of free CO2 gas at the top of a heterogeneous aquifer (minimize the risk of CO2 leakage by minimizing the volume of free CO2 gas at the top of a heterogeneous aquifer)



	2017
	Santibanez-Borda et al.
	Simplex method and GRG method on a linear regression, regularized linear regression, and multivariate adaptive regression splines (MARS)
	Maximize the amount of CO2 injected into the reservoir



	2019
	Gonzalez-Nicolas et al.
	Constrained differential evolution an algorithm modified by a differential evolution algorithm
	Minimize the volume of produced brine by minimizing the production volume ratio (produced/injected volume)
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