
energies

Article

Chemistry of Reservoir Fluids in the Aspect of CO2
Injection for Selected Oil Reservoirs in Poland

Ewa Knapik * and Katarzyna Chruszcz-Lipska

Drilling, Oil and Gas Faculty, AGH University of Science and Technology, al. Mickiewicza 30,
30-059 Krakow, Poland; lipska@agh.edu.pl
* Correspondence: eknapik@agh.edu.pl; Tel.: +48-12-617-2208

Received: 6 October 2020; Accepted: 2 December 2020; Published: 6 December 2020
����������
�������

Abstract: Worldwide experiences related to geological CO2 storage show that the process of
the injection of carbon dioxide into depleted oil reservoirs (CCS-EOR, Carbon Capture and
Storage—Enhanced Oil Recovery) is highly profitable. The injection of CO2 will allow an increasing
recovery factor (thus increasing CCS process profitability) and revitalize mature reservoirs, which may
lead to oil spills due to pressure buildups. In Poland, such a solution has not yet been implemented
in the industry. This work provides additional data for analysis of the possibility of the CCS-EOR
method’s implementation for three potential clusters of Polish oil reservoirs located at a short distance
one from another. The aim of the work was to examine the properties of reservoir fluids for these
selected oil reservoirs in order to assure a better understanding of the physicochemical phenomena
that accompany the gas injection process. The chemical composition of oils was determined by gas
chromatography. All tested oils represent a medium black oil type with the density ranging from
795 to 843 g/L and the viscosity at 313 K, varying from 1.95 to 5.04 mm/s. The content of heavier
components C25+ is up to 17 wt. %. CO2–oil MMP (Minimum Miscibility Pressure) was calculated
in a CHEMCAD simulator using the Soave–Redlich–Kwong equation of state (SRK EoS). The oil
composition was defined as a mixture of n-alkanes. Relatively low MMP values (ca. 8.3 MPa for
all tested oils at 313 K) indicate a high potential of the EOR method, and make this geological CO2

storage form more attractive to the industry. For reservoir brines, the content of the main ions was
experimentally measured and CO2 solubility under reservoir conditions was calculated. The reservoir
brines showed a significant variation in properties with total dissolved solids contents varying
from 17.5 to 378 g/L. CO2 solubility in brines depends on reservoir conditions and brine chemistry.
The highest calculated CO2 solubility is 1.79 mol/kg, which suggest possible CO2 storage in aquifers.
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1. Introduction

The EU climate policy assumed that the emission of CO2 will be reduced by 40% by 2030
compared to 1990 [1]. In September 2020, the European Commission proposed to raise the 2030
greenhouse gas emission reduction target to at least 55% to reach 2050 climate neutrality goal [2].
In order to maintain the competitive position and improve costs related to adaptation to low-emission
management, it is necessary to develop CCS technology. Technical problems related to the separation
of CO2 are well-known and in most cases well-managed [3,4]. A substantial advancement in terms of
construction and material solutions allows separating CO2 in any scale and controlling the product
parameters with high precision. A high level of full feasibility is confirmed by numerous industrial
systems operating for the within the food or chemical industry [5,6]. Similarly, a number of pilot
systems intended for heat- and power-generating plants show a high level of CO2 recovery from waste
gases, and a high purity of the final product. Yet, it is an economic issues that poses the most serious
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obstacle in the process of capturing CO2 widely [7]. In the industry, particularly the European one,
there is no demand for large amounts of CO2. It is used in refrigerating engineering, the brewing
industry, the food industry, and as a supercritical solvent, but it is a low-tonnage application which is
insufficient when compared to the volume of CO2 streams emitted by heat- and power-generating
plants. Considering large-scale technologies of CO2 use, we can distinguish the following: enhanced oil
recovery, enhanced coal bed methane production, advanced geothermal systems, algae cultivation,
CO2 mineralization, concrete hardening, and the production of fuels, polymers and valuable chemical
materials [8–10]. So far, only resource recovery applications, including enhanced oil recovery (EOR),
enhanced gas recovery (EGR), fracturing, enhanced coal bed methane production (ECBM) and oil shale
recovery, have been implemented in the industry, and bring positive economic effects. It is estimated
that globally, CO2-enhanced oil recovery has the technical potential to use up to 16 to 22 billion t CO2

by 2050, with a relatively high-net benefit (USD ~100/t CO2) [11].
An excellent example of the beneficial use of CO2 is its injection into shale oil reservoirs for

enhanced oil recovery. Experimental core flooding tests performed by Kurz et al. [12] showed that
supercritical CO2 can extract 12~65% of hydrocarbons from the organic-rich Bakken shales within 24 h.
Gamadi et al. [13] studied the CO2 huff-n-puff method on Mancos and Eagle Ford cores, achieving
up to 85% oil recovery. Song and Yang [14] performed CO2 huff-n-puff experiments under different
operation pressures ranging from 7 to 14 MPa using the Bakken cores. In the immiscible scenario at a
low injection pressure, only 42.8% of oil was recovered, while above the MMP the total oil recovery
reached 63%. Some reported field pilots in the Eagle Ford formation showed a great performance of gas
injection with a 30–70% improved oil production [15]. However, some field trials in Bakken formation
were not successful due to the gas early breakthrough. The key parameter for successful CCS-EOR
is a detailed reservoir characterization. Jia et al. [16] comprehensively reviewed the feasibility and
advances of CO2 injection in shale reservoirs in terms of injection scheme, oil recovery mechanisms,
role of molecular diffusion, nanopore effect on the phase behavior and adsorption effect on carbon
storage. The authors summarized the available experimental studies and pilot tests, giving a holistic
guideline about CO2 injection techniques for unconventional reservoirs.

Poland has significant prospects for the implementation of CCS [17]. It also seems that Poland has
a large potential with regard to the implementation of CCS-EOR methods. In 2017, CO2 emission was
estimated at the level of about 336.56 million tonnes, as reported to the EU under the EU Emissions
Trading Scheme, and the main source of CO2 emission was fuel consumption (92.5%) [18]. Four Polish
power plants (Bełchatów, Kozienice, Turów and Rybnik) belong to the category of the top 30 most
CO2-polluting thermal power plants in the EU [19]. When it comes to CO2 capturing, two pilot
plants have been constructed: an amine absorption unit in Łaziska power plant and a pressure swing
absorption unit connected to the gas pass of the world’s largest fluidized-bed boiler (460 MW unit) in
the Łagisz power plant [20,21]. As far as capturing technology is concerned, there are no legal and
technological obstacles for this type of systems. The problem is the issue related to geological CO2

storage because the storage location (distance from the CO2 emitter, population density) determines the
profitability of the entire project. So far, two geological storage projects have been carried out in Poland.
The RECOPOL project was an EC-funded research project to investigate the technical and economic
feasibility of storing CO2 permanently in subsurface coal seams in the Upper Silesian Coal Basin [22].
Another example of a domestic project is Europe’s oldest acid gas reinjection (CO2 and H2S) system,
operating since 1995 in the Borzęcin gas reservoir [23]. Over the last 20 years of exploitation, nearly 700 t
of H2S and 3400 t of CO2 have been injected. Both projects have proved to be fully capable of storing,
yet have not brought any economic success. American and Canadian experience (the Weyburn and
Midale oil fields in Canada, since 2000, and more than 30 oil fields in West Texas, USA) demonstrates
that CO2 injection pays off solely if accompanied by the production of natural gas or oil [24,25].
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In Poland, no EOR-CO2 project has been carried out even though there are a lot of depleted
oil reservoirs. Particular reservoirs located in the Polish Lowland and in the area of the Carpathian
Foredeep are known to have inconsiderable storage capacities. The literature data have presented the
CO2 storage capacities of particular hydrocarbon reservoirs in Poland [26]. In general, the storage
capacity calculated for Polish hydrocarbon fields, using an assumption of a 1:1 volumetric replacement
of hydrocarbons with supercritical CO2, is 764.32 Mt of CO2. Tarkowski et al. [26] calculated storage
capacity only for a few oil reservoirs, including Jastrząbka (0.42 Mt), Węglówka (1.87 Mt) and Kamień
Pomorski (3.93 Mt). Deeper knowledge about the possibility of CO2 storage in other oil reservoirs
is still necessary. According to Wojnarowski [27], more than 30 oil reservoirs may be considered for
CCS purposes.

Thus, the aim of this work was to predict CO2 behavior in the presence of reservoir fluids from
five selected formations identified by Mikołajczak et al. [28] as suitable for CO2 storage. During the
selection of these reservoirs, only geological aspects were considered (reservoir depth, porosity, oil
recovery) to ensure the high storage safety and capacity. The CO2 injection may be realized as miscible
or immiscible flooding, which affects the displacement efficiency. During the immiscible injection,
an early gas breakthrough occurs, which leads to lower oil recovery. In this work an assessment of
whether miscibility is possible is performed to determine the feasibility of such EOR projects in Poland.

2. Materials and Methods

2.1. Reservoir Fluids

Mikołajczak et al. [28] identified only 4 possible clusters of reservoirs (a set of at least 2 reservoirs
is considered as a cluster) suitable for CCS-EOR in Poland. Such clusters have higher CO2 storage
capacities than individual formations. In southern Poland two possible clusters have been found.
The samples of reservoir fluids from reservoirs located in the southwest area of the Subcarpathian
Province are described as SP1 and SP2. The second cluster is situated in the Lesser Poland Province
and samples are described as LP1 and LP2. The samples from the largest oil reservoir located in the
Polish Lowland are described as PL1. Oil samples were taken from multiple-well stock tanks. The oil
was initially saturated with gas at the separator (tank) pressure so all samples were degassed before
further experiments at room conditions. The obtained field crude oil samples were cleaned by using a
centrifuge (Chirana, Slovakia) to remove any sand and brine. All formation water samples were either
collected from the production string at the pumpjack or from a separator. Sampling was processed in a
manner similar to that of Kharaka et al. [29].

2.2. Analytical Methods

All basic properties of the oil samples were measured according to ASTM standard methods.
The ractional composition of particular fluids was identified by the GC-FID (Gas Chromatography
with Flame-Ionization Detection) method. Whole oils were analyzed on a Hewlett/Packard Model 5890
(HP5890) gas chromatograph fitted with 30 m × 0.32 mm × 0.25 µm fused silica column coated with a
nonpolar stationary phase (RTX-1). The oven was heated from 313 K to 603 K at the rate of 10 K/min for
the final isothermal period of 25 min. The carrier gas was helium at a flow rate of 2.3 mL/min. The data
were processed using the ChemStation Rev.A.10.01 software.

All physiochemical analysis of formation water were performed in accordance with the methods
presented in the Standards Methods for the Examination of Water and Wastewater [30]. Conductivity
and pH were measured using a portable CC-315 Elmetron conductivity meter in the field. Due to
high salinity, all samples were diluted by 10 or 100 times with deionized water. For cations analysis,
samples were filtered and acidified (HNO3, ACS grade) to pH < 2. Cations contents were analyzed
via atomic absorption spectroscopy (Perkin Elmer AAnalyst 100). Total dissolved solids (TDS) were
measured after evaporation at 453 K.
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2.3. Phase Equilibrium Calculations

2.3.1. CO2–Oil MMP Calculations

For the purposes of MMP calculating, the CHEMCAD 7.1.8 software version by Chemstations
Inc. was used. CHEMCAD is a popular simulator in process engineering and provides a wide range
of components and a vast array of equations of state. The oils were defined as mixtures of n-alkanes
C6–C25. Each pseudo-fraction was represented as a corresponding n-alkane. The components heavier
than n-pentacosane were summed up and added to the C25 pseudo-fraction. For each of the oils a
separate simulation was performed. Additionally, to verify the calculation accuracy of the MMP for
CO2-pure n-decane was calculated and the results were compared with experimental values.

Since CHEMCAD is not a typical reservoir simulator, the FLASH tool was applied to simulate
fluid miscibility. In oil field applications the FLASH designates a pressure vessel used for separating
reservoir fluids into gas, oil and water, with three fluids being discharged separately. In this work
at the top of the separator a gaseous phase is released (stream 4, Figure 1), whereas at the bottom of
the separator oil flows out (stream 5). As feed streams, pure gaseous CO2 (stream 1) and simulated
crude oil (stream 3) were used. At this stream configuration the calculated MMP value corresponds to
the stock tank oil (dead oil). In the real reservoir condition, crude oil has dissolved natural gas in it.
To recreate the effect of dissolved gas on the MMP value the additional stream containing 95 mole %
methane and 5 mole % ethane (stream 2) was introduced to the vessel. The mass ratio of natural gas
and crude oil was changed from 0.01:1 to 0.1:1 to check if the miscibility between CO2 and live oil is
dependent on the amount of C1–C2 components in the system. In these calculations the oil:CO2 ratio
was constant and equal to 1:10. When the MMP value was calculated for the dead oil, the flow ratio of
this natural gas stream was equal to zero.
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Figure 1. Streams configuration for MMP calculation using CHEMCAD’s FLASH tool.

A two-phase flash module simulates a rigorous vapor–liquid calculation. The phase equilibrium
was calculated using the Soave–Redlich–Kwong equation of state (SRK EoS). The general form of
SRK EoS is described elsewhere [31,32]. Karim et al. [33] provided an instruction for building a
simulation scheme in both CHEMCAD and HYSYS simulators. In this work a detailed flow chart of the
iterative algorithm for determining the vapor–liquid phase equilibrium in a multicomponent system
given by Akberov [34] was followed. The required input data for the EoS modeling (critical pressure,
critical temperature and Pitzer acentric factor) for each component were incorporated from CHEMCAD’s
library. The standard van der Waals mixing rules were used. No “matching” or “tuning” to experimental
phase equilibrium data was applied.

The CO2–oil miscibility can be achieved at first or multiple contacts. The first contact MMP is
the lowest pressure at which the reservoir oil and injected CO2 form a single phase upon their initial
contact at any mass/volume ratio [35]. Miscible CO2 flooding is usually more complex and there
is a transition zone wherein a continuous mass transfer between phases occurs. This multi-contact
miscibility can be achieved by condensation and/or vaporization mechanisms. The multiple contact
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MMP value is lower than the first contact MMP. In this work the FLASH tool corresponds to a single
cell where CO2 and oil are contacted at different ratios, thus the calculated value of MMP by this
technique can be considered as FC MMP (First Contact Minimum Miscibility Pressure). During the
so-called “sensitivity study” the initial CO2:oil ratio was changed from 1:1 to 10:1. The lowest pressure
at which no gaseous CO2 stream was recorded after separation is here reported as FC MMP.

2.3.2. Modeling of CO2 and CH4 Solubility in Brines

CO2 solubility in brines was calculated in a similar way to the MMP value. The streams of gaseous
CO2 and brine were introduced into the separator vessel at a constant mass ratio equal to 1:1 and the
CO2 fraction in the aqueous phase at given conditions was recorded. This work assumes non-reactive
conditions (i.e., no geochemical reactions take place concurrent with CO2 injection, flow and dissolution).
The solubility of CO2 in brines was calculated in a wide temperature–pressure–ionic strength range
from 299 to 392 K, from 6.4 to 55.65 MPa and from 17 to 379 g/L TDS content. The widely used
geochemical simulators [36] PHRQPITZ, PHREEQC, TEQUIL, EQL/EVP and EQ3/6 are based on
Pitzer’s equation; thus this option was also chosen in CHEMCAD. The Pitzer equation describes the
thermodynamic behavior of electrolyte solutions and allows one to calculate osmotic and activity
coefficients [37]. The complex composition of brines have been simplified to keep the proportions of
the dominant ions Na+, K+, Ca2+, Mg2+, Cl−, CO3

2−, HCO3
− and SO4

2−. CH4 solubility in brines was
calculated in a similar manner.

3. Results and Discussions

3.1. Crude Oils Characterization

For the purposes of CCS-EOR, light paraffinic crude oil with a low content of asphaltenes is
highly useful. At favorable conditions, CO2 mixes with the crude oil and the oil displacement is called
miscible. The basic physiochemical properties of the tested oils have been specified in Table 1.

Table 1. Crude oils properties.

Parameter/Field Method PL1 SP1 SP2 LP1 LP2

Density (g/L) ASTM D287 795 843 837 837 827
Viscosity at 313 K (mm2/s) ASTM D445 1.95 5.04 4.01 4.32 2.01
Acid number (mg KOH/g) ASTM D974 0.356 0.172 0.198 0.427 0.246
Asphaltene content (wt. %) ASTM D6560 0.953 0.749 1.035 1.819 0.997

Conradson carbon residue (wt. %) ASTM D189 0.544 2.566 2.195 0.901 0.533

Basically, the oils do not differ substantially in terms of their properties; they belong to medium
black oils. However, some differences in terms of acid number (from 0.172 to 0.427 mg KOH/g),
Conradson residue (0.533–2.566 wt. %) and the content of C25+ (from 7.34 to 16.92 wt. %) were
reported. A gas chromatogram of whole oil for the sample from the LP2 oil field is shown in Figure 2.
The chromatograms of the other four oil samples are shown in Appendix A.

The oils have a comprehensive range of light and medium components. The values of the
Conradson carbon residue are low for all samples, so there are only small losses of analytes observed
during GC measurements, as resins and asphaltenes are not detectable by capillary gas chromatography.
The chromatographic analysis reveals slight differences in the boiling-point distribution of the
chromatographable hydrocarbons. The LP2 oil includes a broad suite of n-alkanes, which is conspicuous
in Figure 2, where the n-alkane peaks are significantly larger than others. LP2 oil is relatively light;
the content of gasoline compounds C6–C12 is up to 54.6 wt. %. The chromatogram for LP1 oil shown
in Figure A1 in the Appendix A is similar to that of Figure 2, but contains a greater proportion of
diesel fuel compounds (e.g., C13–C20). Figure A2 shows the chromatogram of another paraffinic-rich
oil PL1 enriched in C6–C12 hydrocarbons in the gasoline range (more than 50 wt. %), and a smaller
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proportion of residual range hydrocarbons. The chromatogram of oil from the SP2 oil field has a
bimodal distribution of n-alkanes that peak at about n-C12 and n-C18 (Figure A3). SP1 oil contains
slightly higher amounts of heavier compounds than the others (Figure A4). The GC/FID chromatograms
of these oils demonstrate that they contain varying amounts of a broad-cut fuel range (~C6–C25),
hence their usability in conversion into useful products.Energies 2020, 13, x FOR PEER REVIEW 6 of 20 
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Figure 2. Whole LP2 oil gas chromatogram.

Based on the GC results, the composition of each of the oils was quantified using the pseudo-
fractions approach. The components between two neighboring normal alkanes are here grouped
together and reported as a pseudo-fraction, equal to that of a higher normal alkane. For example,
the hydrocarbon fraction C10 is made up of all component peaks appearing after n-nonane (excluded)
and n-decane (included). The theoretical contents of the pseudo-fractions in oils are presented in Table 2.
The physiochemical properties of each pseudo-fraction are unknown, so for calculation purposes in
the CHEMCAD simulator these pseudo-fractions were defined as pure corresponding n-alkanes.

Table 2. The calculated composition of oils in wt. % used for MMP calculations.

Component/Field PL1 SP1 SP2 LP1 LP2

C6 7.63 4.51 6.22 3.75 4.23
C7 9.88 5.43 7.53 4.4 6.98
C8 11.44 5.06 7.56 6.31 8.53
C9 10.15 5.88 7.36 7.30 9.32
C10 7.12 4.32 5.30 6.73 9.35
C11 5.80 3.72 4.47 7.18 8.19
C12 6.14 5.15 6.11 7.57 8.02
C13 5.06 4.97 5.50 6.70 7.25
C14 5.31 5.27 5.48 7.42 6.74
C15 3.93 4.30 4.26 6.32 5.37
C16 3.36 4.53 4.36 4.93 3.54
C17 3.31 5.45 4.99 4.97 3.54
C18 3.55 3.91 3.41 3.39 2.35
C19 2.48 4.00 2.81 3.37 2.15
C20 1.93 4.08 3.03 2.84 1.57
C21 1.34 3.39 3.24 2.28 1.52
C22 1.50 3.23 2.68 2.31 1.59
C23 1.31 3.02 2.56 2.33 1.30
C24 1.34 2.86 2.40 1.94 1.12
C25 7.42 16.92 10.73 7.96 7.34
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3.2. CO2–Oil MMP Calculations

To prove the correctness of the suggested method of MMP calculation, the MMP was determined
for the CO2–n-decane system and compared to the literature’s data. For calculation purposes, the mass
flow ratio of CO2 (stream 1) and n-decane (stream 3) was changed from 1:1 to 10:1. Figure 3a shows
the mass flow rate of gaseous stream 4 after phase separation under pressure ranging from 7 to 8 MPa.
When the flow rate of stream 4 is equal to zero, it is assumed that the CO2 is fully soluble/miscible
with n-decane (the MMP is achieved), and only one liquid phase exists. The CO2:n-decane mass ratio
insignificantly affects the calculated MMP value.
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Figure 3. (a) Mass flow rate of the gaseous CO2 stream contacted with n-decane at different mass ratios
in conditions close to MMP at 310.95 K, (b) comparison between experimental MMP values reported
by [38–41] and results calculated by SRK EoS in the CHEMCAD simulator.

The literature’s data show that the value of MMP for the CO2–n-decane system at the temperature
of 310.95 K determined using different approaches differs slightly. Elsharkawy et al. [42] has reported a
slim-tube MMP of 8.2–8.6 MPa and an RBA (rising bubble apparatus) MMP of 8.8 MPa. Ayirala et al. [38]
measured a VIT (vanishing interfacial tension) MMP of 7.8 MPa. Song et al. [40] estimated MMPs for the
CO2–n-decane system at various temperatures (5.637, 6.682, and 7.791 MPa for 293, 303, and 310.95 K,
respectively) using the MRI (magnetic resonance imaging) technique. The criteria of determining
MMP in particular methods vary, and are frequently based on visual observation, thus the reported
values are slightly different. Figure 3b shows the comparison between MMP values predicted by SRK
EoS and experimental results reported by other researchers. The calculated results demonstrate a good
agreement with the experimental values, which confirms the accuracy of the proposed calculation
method. The SRK EoS is a thermodynamic model suitable for predictions of the CO2–n-alkanes’
phase behavior.

Czarnota et al. [43] measured the value of MMP for the CO2–LP2 oil system at different
temperatures. The registered values of MMP varied from 6.3 MPa at 295 K to 12.3 MPa at 333 K.
The authors did not provide the amounts of fluids used in these experiments, but since in the simulator
it is necessary to define the stream volume/mass, it was checked if the mass ratio of the components
influences the calculated values. In this work the mass ratio CO2:LP2 oil was changed from 1:1 to 10:1,
and for all simulations no gas phase above the reported MMP values was observed (Figure 4a).
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and predicted values of MMP for LP2 oil.

In this work the same LP2 oil was tested that Czarnota et al. [43] used in their study, so the
reported experimental values can be used for the fluid model’s validation. In this study the oil
composition is simplified to a mixture of n-alkanes without any further tuning. The comparison
between experimental MMP values for LP2 oil and the predicted values (Figure 4b) confirms the
accuracy of this simplified approach. The calculation relative error changes from 1.45 to 7.72%
at higher temperatures. For comparison, Zhang et al. [44] used for the MMP calculation a tuned
Peng–Robinson EoS, taking into account the PVT properties of oil, and the error ranged from 1.9 to
10.7%. The mass proportion between oil and CO2 has a greater influence on their mutual miscibility
than in the CO2/n-decane system. As shown in Figure 4a, when equal amounts of CO2 and oil are used,
the miscibility occurs at 6.0 MPa, and this value shifts to 8.3 MPa at higher CO2 contents. In reservoir
conditions it is possible that in the porous space CO2 prevails (near-wellbore zone for CO2 injection
well), but there are also zones with high oil saturation. Figure 4a shows that the smallest amount of
CO2 (100 kg of CO2/100 kg of oil) dissolves in oil at relatively low pressures. The increase in mass
ratio above 6:1 does not influence the miscibility pressure, and with regard to all mass ratios has a
fixed value. The calculations obtained by using the SRK equation for the CO2–LP2 system fit well
with the experimental observations. Thus, the above-described method was used to determine MMP
for all the crude oils studied in this work, and the results of the simulation were gathered in Table 3.
MMP was calculated at 313 K for comparison purposes and at individual reservoir temperatures.
In Figures A5–A9 in the Appendix A, the graphical determination of the MMP for each of the oils
is shown. The MMP values are similar for all oils; at 313 K the MMP is ca. 8.3 MPa. The MMPs at
reservoir temperatures are lower than the initial reservoir pressures, which guarantees that the injected
CO2 does not breach reservoir integrity.

Table 3. Reservoir properties of oil fields at initial conditions [45] and the calculated MMP values.

Parameter/Field PL1 SP1 SP2 LP1 LP2

Initial reservoir pressure (MPa) 55.65 24.4 21.15 6.40 8.84
Reservoir temperature (K) 392 338 325 299 307
Oil recovery factor, Ro (-) 0.088 0.471 0.204 0.347 0.544

Calculated MMP at 313 K (MPa) 8.28 8.45 8.33 8.38 8.25
Calculated MMP at reservoir

temperature (MPa) 18.10 12.93 10.55 6.29 7.38
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Figure 5a shows the effect of dissolved gas on the MMP value for the CO2–SP2 oil system.
The amount of gas is given as the gas/oil ratio (GOR) which is the ratio of the volume of released
natural gas to the volume of oil under standard conditions. The MMP increases with an increasing
GOR value. Similar effects were reported by Zhang et al. [44] for two light oils from Saskatchewan
(Canada). The authors found that the CO2 MMP of the Weyburn reservoir fluid was 11.7 MPa at 332 K.
When impure CO2 containing up to 9.9 mole % CH4 or 3.1 mole % N2 + 2.8 mole % CH4 was used,
the MMP value was 16.0 and 14.5 MPa, respectively. However, when the impurities content in the CO2

stream was increased to 5.1 mole % N2 + 5.1 mole % CH4, the MMP rose to 20.5 MPa. The effect of
propane presence in the system gives an opposite effect. The pure CO2 MMP for the Steelman stock
tank oil was equal to 11.8 MPa at 334 K. This value was reduced by 45% when the CO2 contained
37 mole % of propane. When live oil from the Steelman reservoir well with GOR equal to 131 m3/m3

was used, the pure CO2 MMP increased to 16.7 MPa [46]. The oils from the tested fields had a gravity
of 879 and 834 g/L, and asphaltene contents of 6.7% and 1% by weight, respectively. Despite these
differences, the MPP for both oils had a similar value at almost the same temperature. Alston et al. [47]
developed an empirical correlation that accounts for the effects of solution gas (live oil systems) and
the effects of impure CO2 on MMP.
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Figure 5. (a) Impact of natural gas on the MMP of the CO2:LP2 oil system at 313 K, (b) phase behavior
of the CO2–SP2 oil system.

The amount of dissolved CO2 influences greatly the phase behaviour of hydrocarbon fluids.
Figure 5b shows the phase diagram of SP2 oil with different contents of dissolved CO2. The knowledge
of phase transformations is vital to understand the interaction between the produced fluid and
individual elements of the production system, including the reservoir, tubing, separators, pipelines,
etc. The basic SP2 oil is dead oil, wherein all dissolved gases and volatile components are released due
to the pressure drop during the exploitation. This type of oil is difficult to produce from the reservoir.
CO2 injection helps in increasing fluid mobility, thus, the more CO2 dissolved, the easier it will be to
initiate and sustain oil flow.

Determination of the MMP value is a key step in a well-designed CO2 injection project. The miscible
CO2 flooding is a complex phenomenon wherein different reservoir aspects should be considered.
With increasing reservoir temperature, the MMP increases significantly; for PL1 oil at the highest
reservoir temperature of 392 K the miscibility is achieved at pressures above 18 MPa. The MMP values
specified in Table 3 are the first contact MMPs, but it can be expected that the miscibility between oil and
CO2 will be developed under lower pressures after multiple contacts. In conventional oil reservoirs,
the oil recovery mechanism includes convective flow, gravity drainage and a diffusion process [16].
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In tight formations the mutual miscibility strongly depends on molecular diffusion, as proven by
Jia et al. [48]. Diffusion in the porous media is affected by tortuosity and porosity, hence for more
realistic simulations the CO2 diffusion coefficient in the oil-saturated porous media should be measured,
rather than that in the bulk phase [49,50]. The porous structure of the rock matrix plays the major role
in the mass transfer, and can affect the MMP. Wang et al. [51] calculated the CO2 MMP of Bakken oil
taking into account the pore size. Their results show that the MMP is independent of pore diameter in
pores of sizes larger than 10 nm. For example, if the pore width decreases from 10 to 3 nm, the MMP
decreases by 23.5%. The low values of MMP obtained in this study are an important prerequisite for
possible CO2 injection into Polish oil reservoirs. However, to upscale the phase behavior of oil and
CO2 from the pore scale to the field scale, more research with real rock cores is needed.

3.3. CO2 and CH4 Solubility in Brines

High brine mineralization suggests a lack of connection between the reservoir and underground
water, and a lack of infiltration of rainwater. In the United States, by regulation, in order for a geological
reservoir to be considered suitable for carbon storage, it must contain formation brine with total
dissolved solids (TDS) > 10,000 ppm [52]. The brine composition is vital if we consider CO2 storage in
aquifers due to the fact that CO2 is likely to dissolve in water and mineral precipitation may occur.
Table 4 shows the basic physicochemical properties of the appropriate brines.

Table 4. Physicochemical properties of brines from selected oil fields in Poland.

Parameter PL1 LP1 LP2 SP1 SP2

pH 6.2 7.6 8.6 8.0 8.9
Conductivity (mS/cm) 1080 127 52.5 31 29

Total suspended solids (g/L) 0.056 0.188 0.033 0.363 0.215
Total dissolved solids (g/L) 378.900 50.105 17.515 20.780 19.580

Cl− (g/L) 174.410 26.394 8.644 10.630 9.794
SO4

2− (g/L) 3.980 2.405 1.550 0.316 0.322
CO3

2− (g/L) 0.000 0.000 0.000 0.002 0.350
HCO3

− (g/L) 0.000 0.000 0.000 0.390 2.385
Na+ (g/L) 75.200 13.820 5.304 7.379 7.866
K+ (g/L) 4.527 0.483 0.148 0.048 0.063

Ca2+ (g/L) 29.852 1.403 0.532 0.032 0.060
Mg2+ (g/L) 2.553 1.386 0.255 0.021 0.013

The literature presents numerous results about changeable permeability and mechanical properties
as a result of CO2–fluid–mineral interactions [53–55]. Adamczyk et al. [56] reported in detail the
formation and dissociation of carbonic acid according to the following scheme:

CO2(sc) + 3H2O↔ H2O + CO2(aq) (1)

H2O + CO2(aq)↔ H2CO3 (2)

H2CO3↔ HCO3
− + H+ (3)

HCO3
−
↔ CO3

2− + H+ (4)

According to Gaus et al.’s [57] studies, the corrosive nature of dissolved CO2 is limited in the
presence of carbonate rocks which, serve as a buffer according to the following reaction:

CaCO3 + H+
↔ Ca2+ + HCO3

− (5)
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Furthermore, studies conducted by Rimmelé et al. [58] for Lavoux limestone and Adamswiller
sandstone and Hangx et al. [59] for Zechstein anhydrite caprock showed no significant effect of CO2

on the petrophysical properties of the rocks.
The calculated values of CO2 solubility allow for a rough estimation of the storage capacity of

aquifer in order to evaluate its feasibility for geological CO2 storage. With respect to brines with
high mineralization (i.e., PL1 and LP1), CO2 solubility is the lowest due to salting out by dissolved
electrolytes. CO2 solubility increases with increasing pressure. The impact of the temperature is not
explicit because the increase in temperature decreases the Henry’s law constant (KH at 298K = 10−1.47,
KH at 413K = 10−2.06) [60], but at the same time the fugacity coefficient at a given pressure increases.
The impact of pressure and temperature on CO2 solubility in PL1 brine is presented in Figure 6.
For reservoir brines, the solubility of CO2 and CH4 under reservoir conditions was calculated
(see Table 5).
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Table 5. Calculated CO2 and CH4 solubility in reservoir brines at given initial conditions.

Reservoir PL1 LP1 LP2 SP1 SP2

CO2 solubility (mol/kg brine) 1.792 1.283 1.219 1.366 1.365
CH4 solubility (mol/kg brine) 0.421 0.083 0.102 0.208 0.198

The calculations show that CO2 dissolves 10 times better in the reservoir brine when compared to
the methane solubility. Bearing the above in mind, at favorable conditions native natural gas may be
displaced during CO2 injection from aquifers. Displaced/released methane will therefore migrate from
the brine and supplement the resources of the existing reservoirs.

4. Conclusions

The investigated reservoir fluids, both brines and oils, have chemical compositions and properties
that favor CO2 injection. The oils from the PL1, LP1, LP2, SP1 and SP2 oil fields belong to the group of
medium paraffin-based crude oils with low asphaltene content. The MMP values are relatively low
(approx. 8.3 MPa at 313 K), which assures miscible CO2 flooding under reservoir conditions. The SRK
EoS is an effective tool in analyzing the miscibility of the CO2–oil systems. The proposed simplified
approach to simulate oil composition and calculate the MMP value demonstrates a good agreement
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with the experimental values. The maximum relative errors for this calculation algorithm were found to
be 2.01% and 7.72% for the CO2–n-decane and CO2–LP2 systems, respectively. The CO2 MMP depends
on the reservoir temperature, oil composition and the presence of C1–C2 components. The MMP
increases with the increasing reservoir temperature. At the lowest reservoir temperature of 299 K,
the MMP for LP1 oil is 6.29 MPa, while for PL1 oil at 392 K the MMP is equal to 18.1 MPa. For all
considered reservoirs the miscible CO2 flooding may be achieved as the calculated MMPs at reservoir
temperatures are lower than the initial reservoir pressures. In general, the presence of CH4 dissolved
in oil increases the CO2 MMP. When the GOR changes from 10 to 100 m3/m3 the MMP increases from
8.40 to 8.85 MPa. The crude oil composition has a moderate effect on the MMP.

The oil field brines studied in this work show various mineralization degrees. In terms of storage
capacity, reservoir waters from the SP1 and SP2 oil fields are the most promising because their CO2

solubility is estimated to equal ca. 1.36 mol/kg of brine. The knowledge about the mutual interactions
between CO2–brine and CO2–oil is essential when planning injection scenarios and monitoring the
storage integrity.
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At higher temperatures, the mixture composed of 1000 kg of CO2 and 100 kg of PL1 oil has a
critical point at 358.9 K and 14.64 MPa. For each CO2/oil proportion, these critical parameters slightly
shift. Generally, at 392 K, which is the reservoir temperature for PL1 oil, the PL1 oil and CO2 form
a supercritical fluid. In the CHEMCAD simulator a binary mixture forms a single gaseous phase if
the critical point of the mixture is exceeded. The software denotes the supercritical state with a vapor
fraction equal to 1 (as gas phase). As such, in Figure A8 the mass flow rate is not going to be the
zero value. It rises with the pressure until the full miscibility is achieved, and all components form
a supercritical fluid. In this case the MMP value is determined as shown in Figure A8. A similar
situation is observed for SP1 oil.
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