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Abstract

:

Surfactant-assisted spontaneous imbibition is an important mechanism in enhanced oil recovery by capillary pressure in low permeability and tight oil reservoirs. Though many experiments have been conducted to study the mechanism of enhanced oil recovery by surfactant-assisted spontaneous imbibition, the effects of surfactant type, concentration, and temperature have not been well studied. Using tight sandstone outcrop core samples with similar permeability and porosity, this paper experimentally studies surfactant-assisted spontaneous imbibition using three different surfactant types, i.e., sodium dodecylbenzene sulfonate (SDBS), cocamidopropyl betaine (CAB), and C12–14 fatty alcohol glycoside (APG). In addition to the type of surfactant, the effect of the surfactant concentration and the temperature is also investigated. The study results show that the ultimate oil recovery of spontaneous imbibition with formation water and denoised water is about 10%. Surfactant can significantly improve the oil recovery of spontaneous imbibition by reducing the interfacial tension between oil and water, emulsifying crude oil and improving oil mobility. APG showed better performance compared to SDBS and CAB, with a maximum oil recovery factor of 36.19% achieved with formation water containing 0.05% APG surfactant. Lower concentrations (0.05% APG) in the formation water resulted in a higher oil recovery factor compared to 0.1% APG. Increasing temperature also improves oil recovery by reducing oil viscosity. This empirical study contributes to a better understanding of the mechanism of surfactant-assisted spontaneous imbibition and enhanced oil recovery in tight oil reservoirs.
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1. Introduction


The development of unconventional oil reservoirs has attracted significant attention following conventional oil reservoirs. Spontaneous imbibition, as a crucial process for enhancing oil recovery in shale and tight formations, has gradually gained recognition. Imbibition is a prevalent phenomenon across various natural sciences, referring to the process wherein a wetting liquid, driven by capillary forces, displaces a non-wetting phase as it enters a porous media [1,2,3,4]. Imbibition can be classified into co-current imbibition and counter-current imbibition based on the flow direction of the wetting and non-wetting phases [5,6]. Co-current imbibition relies primarily on gravitational effects, resulting in a consistent flow direction of oil and water. Conversely, counter-current imbibition involves opposite flow directions of oil and water [7].



Researchers have been building on this foundation with studies of the mechanisms of imbibition [8,9,10]. Current research indicates that rock permeability, fracture density, interfacial tension (IFT), and crude oil viscosity are the primary factors influencing the imbibition processes [11,12]. Alvarez et al. [13] analyzed the impact of lithology, oil, and surfactant types on wettability and changes in IFT, finding that anionic surfactants were most effective in reducing the IFT between two phases. According to Chen et al. [14], nonionic surfactants generally outperformed ionic surfactants in terms of changing wettability and improving oil recovery. Through simulation methods and theoretical analysis, Sheng [15] showed that surfactants need to change the wettability and maintain a high IFT at the same time to effectively change the wettability in shale and tight rock reservoirs. Additionally, they found that slow diffusion rates negatively impacted the enhancement of oil recovery through spontaneous imbibition. Liu et al. [16], focusing on shale formations in the Sichuan Basin of China, analyzed the mechanisms underlying the changes in wettability induced by non-ionic and anionic surfactants. They also clarified the impact of wettability alteration and reduced IFT on the spontaneous imbibition process in oil-wet shale.



Surfactants are surface active agents that spontaneously aggregate or adsorb at the oil–water interface at low concentrations. The molecules of surfactants are divided into hydrophilic and hydrophobic ends. The hydrophilic end is oriented towards the aqueous phase, while the hydrophobic end is oriented towards the oil phase. These ends are arranged directionally at the interface and are adsorbed to form an orderly monolayer [17]. This reduces the surface tension and IFT by lowering the molecular weight of water at the oil–water interface [18]. Surfactants are utilized to improve oil recovery. Adding an appropriate amount of surfactant can significantly reduce the IFT between oil and water [19]. Surfactants can also change the wettability of the rock surface [3], and emulsified crude oil forms such as O/W or W/O emulsions. To date, the various surfactants studied include anionic surfactants [20,21,22,23,24], cationic surfactants [25], nonionic surfactants [26,27,28,29], and zwitterionic surfactants [30,31,32,33]. Among all surfactants, anionic surfactants have been the most extensively studied due to their low adsorption loss on sandstone surfaces. Nonionic surfactants have a wider pH range of application compared to ionic surfactants. They can be used in combination with other ionic surfactants to improve the surface activity of the system [16,34]. Zwitterionic surfactants have two active groups, which can be anionic, cationic, nonionic, or anionic. They are hydrophilic and have excellent temperature and salt tolerance. Nevertheless, their high prices limit their usage in enhanced oil recovery [35].



Drawing on extensive research in the literature [3,14,36,37], three surfactants, including sodium dodecylbenzene sulfonate (SDBS), cocamidopropyl betaine (CAB), and C12–14 fatty alcohol glycoside (APG), were selected for experimentation. Among them, SDBS is a commonly used anionic surfactant, CAB is a zwitterionic surfactant, and APG is a kind of non-ionic surfactant. APG can be widely used in high temperature and high salinity reservoirs because of its good ecological properties [37]. Moreover, compared with other surfactants, APG is a safer and less polluting surfactant. Tight sand outcrop cores were specifically chosen due to their closely matched porosity and permeability, minimizing the interference of pore-throat structure in imbibition results. This experiment concluded that, among the three different surfactants, the APG solution with a mass fraction of 0.05% had the lowest IFT and the best emulsification during the imbibition process. This was established through analyzing the core imbibition conditions under different surfactant solution types, concentrations, and temperatures. This surfactant solution effectively reduced the flow resistance of crude oil, resulting in enhanced oil recovery. Moreover, the study pioneered the exploration of the promoting effect of temperature on the imbibition process.




2. Materials and Methods


2.1. Experimental Materials


For this investigation, eight tight sandstone cores were collected from the Yanchang Formation, Ordos Basin, NW China, as shown in Figure 1. Prior to the experiments, a thorough cleaning process involving oil washing and drying was conducted on all cores to ensure the absence of oil and gas impurities. Table 1 details the essential physical parameters of the cores, including permeability ranging from 0.317 mD to 0.345 mD, and an average permeability of 0.328 mD. The porosity spanned from 15.67% to 16.03%, with an average porosity of 15.87%.



As shown in Table 2, the formation water used in the experiments exhibited a pH value of 7.03. Analysis of its mineralization and ion content revealed a total mineralization of 5976.8 mg/L. The formation water contained the cations K+, Na+, Ca2+, and Mg2+, and the anions Cl−, SO42−, and HCO3−. Notably, the combined concentration of K+ and Na+ was as high as 1853.3 mg/L, Ca2+ was present at a concentration of 133.4 mg/L, Mg2+ at 37.4 mg/L, Cl− at 11,936.7 mg/L, SO42− at 560.3 mg/L, and HCO3− at 1455.7 mg/L.



The simulated oil used in the experiment was concocted by blending crude oil from the Chang 8 layer in Ordos Basin, NW China with kerosene in a 1:1 volumetric ratio. Under room temperature conditions (25 °C), the measured density and viscosity of the simulated oil were 0.8205 g/cm3 and 9.33 mPa·s, respectively. The imbibition fluids comprised solutions prepared with the formation water, incorporating SDBS, CAB, and APG. The specific sources of each reagent are shown in Table 3.




2.2. Experimental Equipment


The experimental setup involved the utilization of the following instruments: the APL-1 vacuum saturation apparatus (Jiangsu Lianyou Scientific Research Instrument Co., Nantong, China), designed for evacuating air from rock cores and saturating them with the prepared simulated oil under the specified pressure; the SVT-20 spinning drop tensiometer (Data Physics Instruments GmbH, Filderstadt, Germany), employed for determining the IFT between crude oil and the imbibition fluid; the KH-55A (250 °C/136 L) constant temperature chamber (Shanghai K&M Measurement Technology Co., Shanghai, China), responsible for controlling the experimentally set temperature; and a high-precision imbibition cell with an accuracy of 0.01 mL. Additionally, other experimental instruments such as 250 mL glass bottles, an electronic balance (Shanghai Zhuojing Electronic Technology Co., Shanghai, China) with a precision of 1 × 10−4 g, and an OS20-S magnetic stirrer (Da Long Xing Chuang Experimental Instrument (Beijing) Co., Ltd., Beijing, China) were also utilized.




2.3. Experimental Design and Procedure


The IFT of the three surfactants at different mass concentrations was measured. It can be seen from Table 4 and Figure 2 that the overall IFT increased with an increase in mass concentration. Overall, the IFT decreased initially, but then increased with an increase in mass concentration. For SDBS, at a mass concentration of 0.05%, the minimum IFT was 0.719 mN/m. However, as the mass concentration increased from 0.1% to 0.2%, the IFT of SDBS solution decreased from 1.088 mN/m to 0.972 mN/m, showing a relatively small decrease.



In the case of CAB solution, when the mass concentration ranged from 0.05% to 0.1%, the IFT decreased from 0.108 mN/m to 0.075 mN/m, indicating a slight decrease with limited variation. For APG solutions, IFT increased with increasing mass concentration. Notably, the change in IFT was minimal as the mass concentration increased from 0.05% to 0.1%, increasing only from 0.060 mN/m to 0.065 mN/m. However, beyond a mass concentration of 0.1%, the IFT rapidly increased with increasing concentration.



The surfactant solutions used for imbibition liquid included a 0.05% mass concentration of SDBS, 0.05% and 0.1% mass concentrations of CAB, and 0.05% and 0.1% mass concentrations of APG. These solutions were mixed with formation water to form imbibition fluids. Control experiments were also conducted using only formation water and deionized water for comparison.



Surfactant molecules aggregate with increasing concentration to form micelles. These micelles have a hydrophilic head group outward and a lipophilic head group inward. The concentration at which this occurs is called the critical micelle concentration (CMC) [38,39]. Once the concentration surpasses this threshold, the number of monomer molecules in the solution will no longer increase. Additionally, the adsorption capacity at the interface will reach saturation, and the IFT will cease to decrease. Furthermore, any excess surfactant molecules will exist in the form of micelles.



Table 5 revealed that the IFT between the crude oil and imbibition fluids ranged from 0.060 mN/m to 14.759 mN/m. Notably, the IFT of crude oil in surfactant solutions was significantly lower than that in the formation water solution. Specifically, the 0.1% APG solution prepared with formation water exhibited the lowest IFT at 0.06 mN/m. Therefore, surfactant concentration had a potential impact on the imbibition process in the core by simulating the IFT between the oil and imbibition fluid.



In order to reveal the oil-displacing effect of different types of surfactants, three surfactants, SDBS, CAB, and APG, were selected. Based on the three surfactants selected above, different concentrations of surfactant solutions were configured for the spontaneous imbibition experiments. The experimental plan is shown in Table 6.



Prior to conducting the imbibition experiment, it was essential to perform a saturation experiment on the tight sandstone cores to measure their dry and wet weights. This procedure ensured that the tight sandstone cores were fully saturated with the simulated oil, providing a basis for subsequent imbibition experiments. The steps for vacuuming and pressurizing crude oil were executed as follows:




	
The dry and weighed core were placed into the core chamber. The simulated oil was injected into the storage tank, and the storage tank and core chamber were sealed.



	
The vacuum pump was turned on in order for 48 h to evacuate the sandstone core and simulated oil, until the pressure within the core stabilized.



	
After the core and simulated oil had been evacuated, the vacuum pump was turned off.



	
The liquid storage tank valve and the liquid inlet valve were opened to allow the simulated oil in a vacuum state to enter the core chamber. The hand pump was turned clockwise to increase the pressure in the core chamber to 25 MPa and the core was pressurized and saturated for 72 h, until the pressure within the core stabilized.



	
The hand pump was turned counterclockwise to relieve the pressure in the core chamber. The core chamber was opened and the core was removed. An electronic balance was used to measure the wet weight of the core.



	
The volume of core saturated with simulated oil was calculated.








The dry weight and wet weight of the core before and after saturation are shown in Table 7. The volume of oil saturation in the tight sandstone cores ranged from 4.804 mL to 4.923 mL. Overall, there was minimal variation in the volume of oil saturation across the tight sandstone cores. This is because these outcrop cores had similar physical properties, and the difference in porosity and permeability variations was not significant. Notably, the CQ2–6 tight sandstone core exhibited the highest oil saturation, reaching up to 4.923 mL. This outcome could be attributed to the favorable physical properties of the CQ2–6 core, boasting the highest permeability among all cores and possessing superior mass characteristics.



To elucidate the mechanism by which cores enhance oil recovery through spontaneous imbibition, imbibition experiments were conducted using the imbibition cell (as shown in Figure 3). The experimental steps were as follows:




	
Before the experiment, the imbibition cell was rinsed with the prepared imbibition solution, and then the weighed core was put into the imbibition cell.



	
The imbibition liquid from the rubber tube was injected into the imbibition cell until the imbibition liquid rose to 1/3~2/3 of the scale tube of the imbibition cell. The openings of the scale tube and rubber tube were sealed with plastic wrap.



	
After ensuring that there was no leakage at the interface of the imbibition cell, the imbibition experiment was initiated.



	
The initial time of core imbibition was recorded. Then, the amount of oil imbibed at intervals was recorded according to experimental conditions, and photos were taken to observe the adsorption state of crude oil.










3. Results and Discussion


To investigate the influence of different surfactant types, concentrations, and temperatures on the imbibition efficiency of tight sandstone cores, static spontaneous imbibition experiments were conducted on eight outcrop sandstone cores. The experimental results are summarized in Table 8.



Table 8 shows that the produced oil volumes for these eight cores ranged from 0.47 mL to 1.755 mL, resulting in final recovery rates between 9.63% and 36.19%. Notably, cores CQ2–4 and CQ2–6 exhibited the lowest recovery rates. This can be attributed to the fact that the imbibition fluids for these cores were formation water and deionized water, respectively, leading to higher IFT and increased flow resistance. Consequently, crude oil struggled to detach from the core surfaces. On the other hand, the ultimate oil recovery of the cores percolated in the surfactant solution ranged from 18.94% to 36.19%, which illustrates that adding surfactant into the imbibition liquid significantly improved the ultimate oil recovery.



As illustrated in Figure 4, it is evident that in imbibition liquids with higher IFT, such as formation water and deionized water, crude oil adsorbed onto the core surfaces in larger oil droplets. In contrast, when there is surfactant in the imbibition fluid, numerous small oil droplets dispersed across the sidewalls of the core, accompanied by a few larger oil droplets on the core surface. This observation suggests that surfactant can reduce IFT and emulsify crude oil, making large oil droplets more prone to dispersion into numerous smaller droplets that detach from the core surface. Consequently, this enhances the oil mobility. Furthermore, for imbibition solutions with the same surfactant type but different concentrations, at lower concentrations, i.e., 0.05% mass concentration of surfactant, the adsorbed oil on the core surfaces tended to be finer.



The oil recovery factor of different cores over time is illustrated in Figure 5. Overall, the core imbibition process can be divided into two stages. The first stage was characterized by a rapid increase in the imbibition rate, where the initial oil saturation is high, leading to a high oil production rate. In the second phase, the rise in imbibition rate tapered off and eventually leveled off. During this stage, the produced oil mainly originated from the small pores, where the flow resistance was high, resulting in a deceleration of the oil production rate. Among these, core CQ2–2 demonstrated the fastest imbibition rate and the highest oil recovery. After 600 min, the oil recovery factor reached an impressive 34.7%. A comparison between core CQ2–3 (20 °C) and CQ2–7 (35 °C) revealed a significantly lower imbibition rate and oil recovery factor for the core at 20 °C compared to the one at 35 °C.



3.1. Effect of Surfactant Type


As can be seen from Table 4, the IFT between simulated oil and surfactant solution ranged from 0.0598 mN/m to 0.6821 mN/m, which was much smaller than the IFT between simulated oil and formation water. Consequently, introducing surfactants was observed to significantly reduce IFT. Secondly, the degree of improvement in imbibition recovery varied depending on the type of surfactant. Comparing the relationship curves between different types of surfactants shows variations in core imbibition rates and imbibition oil recovery factors, as shown in Figure 6 and Figure 7.



The surfactant concentration of the imbibition liquid for the cores CQ2–2, CQ2–8, and CQ2–9 were the same, i.e., 0.05%, but the surfactant type was different. They were APG, CAB, and SDBS respectively. As shown in Figure 6, it was evident that the formation water with 0.05% APG achieved the highest ultimate oil recovery factor, reaching 36.19%, followed by the formation water with 0.05% CAB, with an ultimate oil recovery factor of 31.76%. Although the formation water with 0.5% SDBS exhibited a higher initial imbibition rate than formation water with 0.05% APG, its ultimate oil recovery factor was the lowest compared with the other two surfactants. Secondly, formation water with 0.05% APG had strong oil emulsification ability, and the emulsification effect lead to turbidity. At an imbibition time of 600 min, 34.7% of the oil was recovered. As the imbibition time increased, the imbibition rate of the core slowed down. This is because the APG solution with a concentration of 0.05% had the lowest IFT, and large oil droplets were easily dispersed into fine oil droplets and desorbed from the core wall. During the imbibition process, crude oil and surfactant emulsified, making the 0.05% APG solution turbid (as shown in Figure 7). Thus, emulsification can improve oil mobility and enhance oil recovery.




3.2. Effect of Surfactant Concentration


For the same surfactant, taking APG as an example, the imbibition rate and ultimate oil recovery factor of the formation water with 0.05% APG were the highest in the early stages of imbibition, followed by the formation water with 0.1% APG, and the formation water without surfactant had the lowest oil recovery factor (Figure 8). This indicates that adding surfactants to imbibition liquid promoted the imbibition oil recovery rate. Although the 0.1% APG solution exhibited an ultra-low IFT, the ultimate oil recovery factor was lower than that of the 0.05% APG solution. The IFT of the 0.1% APG solution was the lowest. However, lower IFT does not always yield better results, as an ultra-low IFT significantly reduces capillary force, which is the driving factor behind imbibition flow. An excessive concentration of surfactant can lead to dense micellar structure, and this micellar structure encapsulates oil and water, causing oil to become trapped and unable to flow. Overall, the difference in the ultimate oil recovery factor was minimal between the 0.05% and 0.1% APG solutions, amounting to 2.65% of oil recovery.




3.3. Effect of Temperature


Comparing the impact of different temperatures on the oil recovery factor (Figure 9), it is evident that the oil recovery factor for the CQ2–7 core at 35 °C was significantly higher than that of the CQ2–3 core at 20 °C, even with the same surfactant concentration in the imbibition fluid. This can be attributed to the fact that an increase in temperature resulted in a reduction in the oil viscosity, subsequently lowering the resistance of fluid flow and increasing oil mobility. For other surfactants, an increase in temperature may result in enhanced oil recovery for similar reasons. However, excessively high temperatures can also cause surfactants to lose their effectiveness.





4. Conclusions


This paper examines the mechanism of enhanced oil recovery through surfactant-assisted spontaneous imbibition using three different types of surfactants: SDBS, CAB, and APG. The study analyzes the effects of surfactant type, concentration, and temperature on oil recovery.



The results indicate that surfactant solutions significantly reduce the IFT between oil and water, emulsify oil, and improve oil mobility. Surfactant can significantly enhance oil recovery by spontaneous imbibition, compared to formation water and deionized water without surfactant. Cores with formation water and deionized water have an oil recovery factor of approximately 10%. However, when surfactants are present in the imbibition liquid, the ultimate oil recovery factor ranges from 18.94% to 36.19%. For the same surfactant concentration, APG exhibits better performance compared to SDBS and CAB.



The spontaneous imbibition experiments indicate that formation water with a 0.05% concentration of APG yields the highest oil recovery factor. It is observed that elevating the temperature can decrease oil viscosity, thereby improving oil recovery. Surfactant solutions containing 0.05% APG or 0.05% CAB have demonstrated superior efficacy in enhancing oil recovery when compared to their 0.1% counterparts. Consequently, these findings suggest that tight oil reservoirs could be effectively developed for enhanced recovery by employing the optimal surfactant concentration identified.
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Figure 1. Outcrop sandstone cores. 
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Figure 2. The IFT of three surfactant solutions at different mass concentrations. (a) is the interfacial pressure of SDBS at different mass concentrations, (b) is the interfacial pressure of CAB at different mass concentrations, (c) is the interfacial pressure of APG at different mass concentrations. 
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Figure 3. Imbibition bottle used in the experiments. 
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Figure 4. Adsorption state of crude oil in different types of imbibition liquids. (a) CQ2–4: formation water, (b) CQ2–6: deionized water, (c) CQ2–8: formation water with 0.05% CAB, (d) CQ2–9: formation water with 0.05% SDBS, (e) CQ2–2: formation water with 0.05% APG, (f) CQ2–5: formation water with 0.1% APG, (g) CQ2–3: formation water with 0.1% CAB, and (h) CQ2–7: formation water with 0.1% CAB (30 °C). 
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Figure 5. Oil recovery factor of different cores versus time. 
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Figure 6. Relationship between core imbibition recovery factor and surfactant. 
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Figure 7. The state of imbibition of crude oil in different surfactant solutions. From left to right are the APG solution with a mass fraction of 0.05%, CAB solution with a mass fraction of 0.05%, and SDBS solution with a mass fraction of 0.05%. 
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Figure 8. Effect of concentration of surfactant solutions on core imbibition recovery rate. 
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Figure 9. Effect of temperature on core imbibition recovery rate. 
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Table 1. Basic physical parameters of outcrop tight sandstone cores.
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	Core No.
	Dry Weight

(g)
	Permeability

(mD)
	Porosity

(%)
	Particle Density (g/cm3)
	Density (g/cm3)





	CQ2–2
	81.59
	0.3425
	15.76
	2.74
	2.31



	CQ2–3
	80.87
	0.3211
	15.86
	2.75
	2.31



	CQ2–4
	80.28
	0.3343
	15.86
	2.74
	2.31



	CQ2–5
	81.09
	0.3174
	16.03
	2.74
	2.3



	CQ2–6
	81.24
	0.3451
	15.67
	2.73
	2.3



	CQ2–7
	80.85
	0.3245
	15.92
	2.74
	2.3



	CQ2–8
	80.62
	0.3172
	15.94
	2.73
	2.3



	CQ2–9
	80.87
	0.3226
	15.9
	2.74
	2.3










 





Table 2. Ion content in formation water.
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	Hydronium
	K+ + Na+
	Ca2+
	Mg2+
	Cl−
	SO42−
	HCO3−
	Total Mineralization





	(mg/L)
	1853.3
	133.4
	37.4
	1936.7
	560.3
	1455.7
	5976.8










 





Table 3. Experimental reagents.
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	Reagent Name
	Chemical Formula
	Source
	Purity
	Type





	SDBS
	C18H29SO3Na
	MACKLIN, Shanghai, China
	>98%
	Anionic surfactant



	CAB
	C19H38N2O3
	Linyilvsen, Linyi, China
	>98%
	Zwitterionic surfactant



	APG
	C18H36O6
	Shanghai Fine Chemical Co., Ltd., Shanghai, China
	>98%
	Nonionic surfactant



	Deionized water
	H2O
	
	100%
	










 





Table 4. IFT of three surfactant solutions at different mass concentrations.
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IFT (mN/m)






	
Concentration (%)

	
0.4

	
0.2

	
0.1

	
0.05




	
SDBS

	
1.113

	
0.972

	
1.088

	
0.719




	
CAB

	
0.384

	
0.205

	
0.075

	
0.108




	
APG

	
0.177

	
0.129

	
0.065

	
0.060











 





Table 5. IFT of crude oil in different imbibed fluids.
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	Imbibed Fluid Type
	IFT (mN/m)





	Formation water
	11.632



	